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ABSTRACT  

OF THE THESIS OF 
 

Mohammed Badr Mustafa Alzeer          for       Master of Engineering Management  
Major: Project and Program Management  

Title: Risk Assessment and Economic Feasibility Analysis Concerning Debottlenecking 

a 50-Year-old Transmission Oil-Products Pipeline 
      

The significant drop of the Syrian crude oil production, in addition to the dramatic 

increase in the fuel consumption which exceeded by far the nominal capacity of the two 
national refineries, have made a gap between production and demand of around 3.5 
million tons/year. The gap was bridged by increasing the importing rate 5% on annual 
basis, which means 100% in twenty years. As a result, a critical transportation problem 

has been raised because internal operating pressure induced by that increase exceeds the 
safe operation conditions of Banias-Homs pipeline, which is the only line that transport 
imported oil-products from Banias terminal on the Mediterranean to Homs’ storage farm.  
 

Many scenarios have been discussed to address the problem, comprised of constructing a 
new pipeline, reusing an out-of-service oil pipeline, and debottlenecking the current 
Banias-Homs oil-products pipeline, which sounds the most applicable scenario. 
 

The most challenging issue was that the line was made up of aged and corroded pipes 
made of API 5L Gr B and X48. Because the line is indispensable, it cannot be shut down 
for long periods of time to change the material grade. The solution was, therefore, to 
install an intermediate pump station within the sections where the pressure is half the 

maximum value. and enhance the pipeline reliability by conducting a rehabilitation plan 
accordingly with a condition-based integrity assessment. 
 
 The corrosion challenge was evaluated by performing an inline inspection (ILI). 

Consequently, a root cause analysis of pipeline degradation rates was conducted which 
revealed a relationship between pipeline failure and operating pressure, pipe material, 
topography, and water and sulfur content. Therefore, a proactive maintenance plan was 
developed depending on the operating parameters data and integrity assessment. 

 
The relative risk index showed that the probability of failure could be up to 96% in the 
sections characterized with high population areas and harsh operating conditions. 
However, the implementation of the recommended risk mitigations reduced the failure 

probability by 30% below the calculated average.  
 
Moreover, the Monte Carlo simulation of the worst-case scenario of the operating 
material throughput has shown that installing an intermediate pump station is the most 
feasible option in terms of capital expenditures (Capex), and operation and maintenance 

Cost (O & M). As a result, the operating pressure was reduced by 30%, the capacity of 
the line was increased by 100%, and unnecessary expense was saved on the state treasury. 
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CHAPTER 1  

 

INTRODUCTORY INFORMATION AND LITERATURE 

REVIEW 

1.1. Oil and Gas Pipelines History 

1.1.1. Pipelines between Past and Present 

Humans have developed thousands of hydraulic system structures that move fluid 

across cities since the dawn of time, from China in the east to Rome in the west. For 

example, two thousand years ago, the Romans used large conduits to move water from 

high altitudes to lower altitudes by gravity alone, or vice versa using another innovative 

machine called water wheels, thousands of such machines have been discovered 

throughout Europe and other places, including those in Hama, Syria, some of which still 

exist today. On the other hand, square-pallet chain pumps were utilized in China (189 

A.D.) to bring drinking water to the capital city of Luoyang via an earthenware pipeline 

system. Copper pipelines were also employed to bring drinking water to ancient Egyptian 

cities. However, the first use of pipelines to transport hydrocarbons dates back to roughly 

500 B.C. in China, when bamboo pipes were used to transport fossil gas recovered from 

drilling holes near the ground's surface (Razvarz et al., 2020). 

The issue of transportation was prompted in modern history with the drilling of the 

first oil well in the United States by Colonel Edwin Drake on August 27, 1859 . In the 

early attempts, wooden barrels were used, which were transported by horses or flatbeds 

through rivers. However, in 1862, James L. Hutchings constructed the first pipeline from 

a well to a refinery. It was 1,000 feet long, didn't have any pumps, and was powered 

entirely by gravity. Pipelines have grown in popularity since then, particularly since 
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Standard Oil recognized pipelines as a viable alternative to railroads, which were far more 

expensive and inefficient than pipelines. By 1879, pipelines had supplanted railroads as 

the primary mode of oil transportation (Coburn, 1988).  

Modern pipelines are just lengths of pipes that have been welded together and then 

buried or put above ground. The liquid transfer is influenced by a number of elements, 

including the land's geography and the fluid's characteristics. In most situations, pump 

stations are built along the pipe path to generate the pressure required to transport the 

liquid along the pipeline, in other cases fluid is pushed along by gravity (Coburn, 1988).               

In 2014, approximately 2,175,000 miles (3,500,000 miles) of pipe systems were 

discovered in 120 countries, with the United States accounting for 65 percent of pipe 

systems, Russia accounting for 8%, and Canada accounting for 3%. According to the 

same year's figures, 88,976 miles (143,193 kilometers) of pipe system projects are in the 

planning stage, while 29,647 miles (47,712 kilometers) are under construction (Razvarz 

(Razvarz et al., 2020). 

Oil and gas pipelines are classified into three types based on their use: gathering lines, 

crude lines, and product lines. Gathering lines with modest diameters (less than six 

inches) are used to collect crude oil from the wells and transport it to a central tank within 

the oil field. The collected oil is then pumped into a major crude pipeline, which is usually 

connected to a refinery or directly to the sea export terminals where sea tankers are 

loaded. Crude lines are often larger than gathering lines, reaching up to 48 inches in 

diameter. Oil products for residential use are transported using oil product lines with 

diameters ranging from 6 to 48 inches. Oil storage tanks are used to transfer crude oil or 

oil products into trucks that transport them to a refinery or distribution facility  (Coburn, 

1980).  
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As a result, pipelines have always been regarded as an excellent solution for fluid 

transportation when other methods, such as trucks, railroads, and tankers, fail to meet the 

operational requirements. Its ability to respond to a variety of operational conditions has 

made it an indispensable factor in any country's civilized development. In addition to its 

inherent competitive characteristics, it has had persistent economies of scale since as its 

diameter increase its unit operating cost decrease. According to 2014 records, the cost of 

transporting one barrel of oil via pipeline was $5, while the cost of rail transportation was 

$10 to $15 (Conca, 2014). However, trucking was more expensive than rail transportation 

due to the requirement for labor. In the United States, 70% of crude is transported by 

pipes, 23% by ships, 4% by trucks, and 3% by trains, but in Canada, this figure rises to 

97 percent Pipelines (Conca, 2014). 

1.1.2. Pipelines in the Middle East 

1.1.2.1 Iraq Petroleum Company and the story of the Red Line 

The struggle of the western’s powers for the Arab oil ended up with the agreement 

of the red line July 28, 1928 which announced the formation of an international 

consortium known as the “Iraq Petroleum Company” (Fitzgerald, 1991). As a result of 

that agreement, a 12-inch line with a capacity of four million tons per year was completed 

in 1934. In 1946, a 16-inch line was built parallel to the previous 12-inch line to Tripoli, 

Lebanon, and Haifa, Palestine. Following Israel's formation in 1948, the Haifa branch 

was closed. In 1952, work on a 30-32-inch pipeline connecting Kirkuk, Iraq, and Banias, 

Syria, with a capacity of 14 million tons per year was finished, bringing the system's 

overall capacity to 16 million tons per year. During the 1956 Suez Crisis, the lines were 

severely damaged, although they were later repaired. In 1971, the average daily 

throughput of IPC pipelines to the Mediterranean was 1.1 million crude oil barrels per 
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day, accounting for 95.9% of Iraq's total exports and 80.4 percent of the government's 

total available revenue (Stevens, 2000). After a series of economic and political problems 

between the English administration and Arab nationalists in Iraq and Syria, IPC was 

nationalized in 1972 (Brown, 1979). After that, Iraqis and Syrians negotiated on a new 

agreement, and oil transportation continued through IPC pipelines in Iraq and Syria, with 

a 200,000-barrel capacity increase due to the construction of the Entrepose pipeline in 

1975. However, pumping ceased in 1976, and it did not resume until 1979 with modified 

offtake arrangements. The Iraqi Iranian war, however, forced a halt of pumping in 

September 1980, and it was not resumed until February 1981, at rate of 300,000 barrels 

per day had been shipping through the Banias Terminal. Nevertheless, the pipeline was 

permanently shut down in April 1982 due to financial and political disputes (Stevens, 

2000). According to the Syrian Company for Oil Transportation (SCOT), Iraqi crude 

exports through the Banias terminal reached 30,140,514 tons in 1970, with transit 

revenues totaling more than 83 million dollars. 

1.1.2.1. TAP LINE 

From Dhahran in Saudi Arabia, through Jordan, Palestine, Syria, to Lebanon with a 

nominal capacity of 320,000 barrels per day, which raised to 450,000 (B/D) in 1957 and 

up to 500,000 (B/D) in 1967. The TAP LINE was responsible for supplying about half 

of Western Europe's crude oil needs through Sidon Terminal in Lebanon. However, by 

1983, the growing maintenance cost, transit rights, and security issues, as well as the 

introduction of a new generation of supertankers led Aramco to shut down the pipeline 

ending the era in which, the Arab pipelines controlled the global energy supply (Little, 

1990).  
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1.2 Pipeline Design 

1.2.1 Design Criteria 

Because of the risks and hazards associated with oil and gas transportation, designers 

and operators must closely adhere to the codes and standards that govern the oil and gas 

sector. For instance, ASME B31.4, API 1111, and CSA Z662 are standards for pipelines 

used to transport liquid hydrocarbons. While gas pipelines are designed in accordance 

with ASME B31.8. Pipeline operations must also comply with Federal Pipeline Safety 

Regulations, namely Part 195 for liquid systems and Part 192 for gas systems. As a result 

of these regulations, pipeline engineers must take into account a variety of piping system 

conditions. Every component of the piping system, no matter how minor, must be built 

to sustain the internal design pressure, which cannot be less than the maximum operation 

pressure; external forces must also be considered. Furthermore, temperature variations 

along the pipeline must be accommodated, as well as other factors like fluid expansion, 

wind, earthquakes, vibration, subsidence, waves, current, weight effects, and relative 

movement of connected components. Pipeline design begins with pipe sizing and material 

selection for operational requirements. All parts must be built to withstand unusual 

operating conditions, such as surge pressure, burst hazard due to internal corrosion, and 

failure due to combined bending and external pressure when the pipe is either empty or 

filled (API, R. 1111, 2015) 

1.2.2 Material Selection 

Material selection is associated with the maximum operation pressure, which is 

not allowed to exceed the internal design pressure. ExxonMobil recognized in the early 

1920s that transportation costs were a key driver in the commercialization of natural gas, 

which was directly reflected in the philosophy of designing transportation pipelines. 

Adopting thinner high-strength line pipes API 5L X80 and API 5L X120 instead of  lower-
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strength API 5L X52 and API X42 pipelines will result in project total cost savings of 5–

15%. In addition, benefits realized when the operating pressure is increased, making it 

possible to pump large volumes of gas through smaller diameter pipelines at high pressure 

(Corbett et al., 2003). According to (ASME B31.4, 2002), the allowable stress to be used 

for pipeline design shall be established as follows: 

𝐴𝑙𝑙𝑜𝑤𝑎𝑏𝑙𝑒 𝑆𝑡𝑟𝑒𝑠𝑠 𝑜𝑓 𝑝𝑖𝑝𝑒 𝑚𝑎𝑡𝑒𝑟𝑖𝑎 = 𝐹. 𝐸. 𝑆      ( 1 ) 

Where: 

S: Specified minimum yield strength of the pipe, psi (MPa), (Table 1) 

F: derating factor, 0.72 for all locations 

E: welding joint factor 

Table 1. Specified minimum yield strength for steel and iron pipes used in pipe system, 
reproduced from ANSI/ASME B31-8-1982, Appendix D 

Specification Grade Type SMYS, psi 

(MPa) 

E 

API 5L A 25 S, ERW, SAW 25,000 (172) 1.00 

API 5L A S, ERW, SAW 30,000 (207) 1.00 

API 5L B S, ERW, SAW 35,000 (241) 1.00 

API 5L X42 S, ERW, SAW 42,000 (289) 1.00 

API 5L X52 S, ERW, SAW 52,000 (358) 1.00 

API 5L X56 S, ERW, SAW 56,000 (386) 1.00 

API 5L X60 S, ERW, SAW 60,000 (413) 1.00 

API 5L X65 S, ERW, SAW 65,000 (448) 1.00 

API 5L X70 S, ERW, SAW 70,000 (482) 1.00 

API 5L X80 S, ERW, SAW 80,000 (551) 1.00 

ASTM A 53 … FBW 25,000 (172) 1.00 
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1.2.3 Internal Design Pressure 

The maximum allowable design pressure is based upon the purpose of the 

established design, it is calculated for the gas pipelines by the following equation 

(McAllister, 2013) 

𝑃 =  (2. 𝑆. 𝑡/𝐷)  ∗  𝐹 ∗ 𝐸 ∗ 𝑇                  ( 2 ) 

Where: 

P = Design pressure, lb/in2. 

S = Specified minimum yield strength, lb/in.2 (Table 1) 

t = Nominal wall thickness, in. 

D = Nominal outside diameter, in. 

F = Design factor (Table 2) 

E = Longitudinal joint factor (Table 3) 

T = Temperature derating factor (Table 4)   

Table 2. Values of design factor F, reproduced from ANSI/ASME Code B31-8-1982, 
Table 841.1A. 

 

 

 

 

 
              

                         
 
 
 

 
 

Construction Type Design Factor F 

Type A 0.72 

Type B 0.60 

Type C 0.50 

Type D 0.40 
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Table 3. Weld joint factor E, reproduced from ANSI/ASME Code B31-8-1982, Table 

841.1B. 

 

 

 

 

 

 
 
 
 

 
 
Table 4. Temperature derating factor T for steel pipe, Reproduced from ANSI/ASME 
Code B31-8-1982, Table 841.1C. 

 
 

 
 
 
 

 
 
 
 

 
 
 
1.3  Corrosion Review 

Corrosion is a damaging attack on a material caused by an interaction with its 

environment, and it is one of the natural potential risks in the oil and gas sector. Corrosion 

can occur in almost any aquatic environment, and it occurs in a variety of complex  

situations in oil and gas production, processing, and pipeline systems. Crude oil and 

natural gas can contain a variety of caustic high-impurity compounds. Carbon dioxide 

(CO2), hydrogen sulfide (H2S), and free water are all highly corrosive media in oil and 

gas wells and pipelines. Continuous CO2, H2S, and free water extraction through oil and 

Specification Pipe Class E factor 

ASTM A53 S, ERW 1.00 

ASTM A53 FW 0.60 

API 5L S, ERW, EFW, SAW 1.00 

API 5L FBW 0.60 

API 5LX S, ERW, EFW, SAW 1.00 

API 5LS ERW, SW 1.00 

Temperature T 

121 1.00 

149 0.967 

176 0.933 

204 0.9 

232 0.867 
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gas components can have corrosion effects on the interior surfaces of these components 

over time, resulting in the loss of mechanical qualities such as strength, ductility, and 

impact strength. This results in material loss, thickness reduction, and, in some cases, 

eventual failure. There will come a time when the component entirely fails, and the 

facility will need to be changed while production is halted. The devastating implications 

of rust have become a worldwide issue (Popoola et al, 2013). 

1.3.1 Corrosion's economic impact 

In 1975, the direct cost of corrosion in the United States was estimated to be 

around $82 billion, which would have been equivalent to $350 billion  in view of the 

current inflation rates, another research conducted jointly by the Federal Highway 

Agencies, USA, C.C Technologies and the National Association of Corrosion Engineers 

showed that cost to be $276 billion or 3.1% of the national gross domestic product (GDP). 

In the UK, corrosion costs were estimated to be 4%-5% of the GDP. However, the 

corrosion cost of oil transmission pipelines in the United States is well over $7 billion per 

year. Similarly, the annual cost of all forms of corrosion in the oil and gas sector in the 

US was $13.4 billion in 2001. Internal corrosion was responsible for 6–10% of tank 

failures in the US, 10% of the underground leakage in France, 5% of tank leakage in 

Switzerland, and up to half of the leaking tanks in Swede (Muthukumar, 2014). According 

to a joint paper by SPE and BP, corrosion cost can be recognized in four ways (Kermani 

& Harrop, 1996) : 

1-Design Expenditure or Capital Cost CAPEX refers to proactive efforts made by a 

corporation throughout the project stage to minimize and control potential corrosion. For 

example, corrosion costs accounted for around 8% of the overall capital budget for a BP 

project in 1980. 
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2-Operation Expenditure (OPEX): indicates daily expenditures connected with 

corrosion control and maintenance; in 1988, corrosion-related maintenance costs 

accounted for 25% to 35% of BP's UK oilfields in the Continental Shelf.  

3-Replacement Expenditure: This refers to the cost of replacing corroded elements in 

the manufacturing plant. 

4-Revenue lost: Costs connected with lost production due to leakage or differential 

cash flow because of a corrosion-related delay.   

 

1.3.2 Corrosion Mechanism 

 Corrosion is described as the transformation of metals into ions and then from 

ions to metals or gases. When an atom loses one or more electrons, it becomes an ion. 

Even though the weight of the atom of iron has not changed, the ion's characteristics have 

changed dramatically from those of the atom, Equation (3) describes a simple corrosion 

behavior known as anodic oxidation; Fe is the iron atom (Ostroff, 1975). 

𝐹𝑒−2𝑒  =  𝐹𝑒 ++                      ( 3 ) 

An anode, a cathode, and an electrolyte make up the corrosion process.  Equations below 

mapping out some of the cathodic reactions involved in corrosion process (Kruger, 2001; 

Ossai, 2012): 

𝑂2 +  2𝐻2𝑂 +  4𝑒 −  ==>  4𝑂𝐻                                   ( 4 ) 

𝑂2 +  4𝐻 +  +  4𝑒 −  ==>  2𝐻2𝑂                                   ( 5 ) 

2𝐻 +  +  2𝑒 −  ==>  𝐻2                                                          ( 6 ) 

𝐹𝑒2 +  +  2𝐻2𝑂 ==>  𝐹𝑒 (𝑂𝐻)2 +  2𝐻 +                       ( 7 ) 

The corrosion reaction in Equation (4) represents a cathodic reaction at neutral 

pH values, Equation (5) and (6), exemplifies the corrosion reactions in the acidic 

environments, Equation (7) represents an instance of the acidic reaction, where such 
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reaction release H+ ions, the high concentration of which for the confined extent results 

in many corrosion types such as (pits and crevice). However, the overall corrosion 

reaction is the summation of the partial anodic and cathodic reactions; for instance, for 

reactions occur in neutral conditions it is the sum of Equations (3) and (4): 

2𝐹𝑒 +  𝑂2 +  2𝐻2𝑂 ==>  2𝐹𝑒 (𝑂𝐻)2                                  ( 8 ) 

For reactions in acidic environments, it is the sum of Equations (3) and (6)  

2𝐹𝑒 +  𝑂2 +  2𝐻2𝑂 ==>  2𝐹𝑒 (𝑂𝐻)2                                  ( 9 ) 

1.3.3 Corrosion of Oil and Gas Transmission Pipelines 

1.3.3.1 Internal Corrosion in Pipelines 

According to a report conducted by the US Minerals Management Service, most 

corrosion issues are caused by internal factors (Muthukumar, 2014). Many corrosion 

difficulties in oil transmission pipelines are caused by CO2 and H2S fumes 

accompanying petroleum products in combination with water and bacteria. It can be 

divided into four categories (Kolawole et al., 2018; Zhang & Lan, 2017). 

1.3.3.1.1 Sour Corrosion 
 

Due to the high concentration of hydrogen sulfide in petroleum products, this 

type of corrosion is highly common in the oil and gas industry. It has severe 

consequences for oil and gas pipeline performance, including: 

• Metal loss:  

When hydrogen sulfide dissolves in water, it produces a weak acid, which 

reacts with the steel pipeline and causes corrosion. The iron sulfide coating breaks 

down the metal surface, forming little pits  

• Sulfide Stress cracking: 

 When a pipe material is subjected to a sour atmosphere and a high amount of 

stress, cracking can occur. The stress might be residual or imposed. Cracking is 
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caused by hydrogen embrittlement of the pipe. SSC has been discovered to attack 

materials with a higher strength (actual tensile strength of 550 MPa or higher). it 

is frequently associated with weld heat impacted zones and cold worked parts. 

• Hydrogen-induced cracking (HIC):  
 

It is most likely to occur in steel pipes where an iron sulfide coating forms and 

hydrogen is present. Hydrogen is produced by corrosion processes, and HIC 

appears as blisters in the pipe wall around manganese sulfide inclusions left in the 

steel pipe during production; removing all of the manganese sulfide from the steel 

pipe is usually difficult. As a result, HIC is rarely encountered in specific places, 

such as weldments. 

H2S +  Fe +  H2O =  FeS (iron sulfide)  +  2H +  H2O                  ( 10 ) 

 

1.3.3.1.2 Sweet Corrosion 
 

When there is carbon dioxide and water in the pipeline, sweet corrosion occurs. 

Carbonic acid is formed when carbon dioxide dissolves in water and interacts with the 

steel pipeline, causing corrosion damage. When bare steel comes into contact with 

carbonic acid, it corrodes rapidly. Corrosion products, on the other hand, generate an iron 

carbonate layer on the metal surface, which slows down corrosion. The rate of corrosion 

is also affected by the temperature, pressure, carbon dioxide content, and flow rate of the 

system. The flow rate has an influence since there will be no separation of water if the 

flow is sufficiently high that flow is totally turbulent making corrosion unlikely 

(Okonkwo & Mohamed, 2014). 

𝐶𝑂2 +  𝐻2𝑂 +  𝐹𝑒 =  𝐹𝑒𝐶𝑂3 (𝐼𝑟𝑜𝑛 𝐶𝑎𝑟𝑏𝑜𝑛𝑎𝑡𝑒 ) +  𝐻2                            ( 11 ) 
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1.3.3.1.3 Mesa Corrosion 
 

Mesa is a type of sweet corrosion that occurs in the pipeline's foundation. At the 

bottom of the pipe, severe mesa corrosion creates a lengthy groove. Because the water 

(and carbonic acid) tends to gather at the bottom of the pipe when it separates, bottom of 

the pipe is more prone to corrosion. 

1.3.3.1.4 Microbiologically Influenced Corrosion (MIC) 
 

In this situation, the presence and activity of microorganisms such as bacteria and 

fungus influence corrosion. Microorganisms on the metal surface do not attack the metal 

directly or generate a specific type of corrosion. The organisms' by-products stimulate a 

variety of corrosion processes, including pitting, crevice corrosion, and under-deposit 

corrosion. MIC is a type of material failure in the oil and gas sector that is frequently 

caused by solid particles impinging on the pipeline surface as a result of fluid passage 

through the pipes. This is due to the presence of solid sand particles in the petroleum 

products, which are carried along with the oil and gas. 

1.3.3.2  External Corrosion 

1.3.3.2.1 Differential Cell Corrosion 
 

The oxidation and reduction reactions take place at or near the same physical spot 

on the metal. In this case, as shown in Figure 1, an atom is being oxidized as a reduction 

reaction takes place at a pipe's neighboring atomic location. Corrosion of the pipe is 

common when it is attacked by an acid solution. A differential corrosion cell develops 

when metal oxidation occurs largely at one point while the reduction reaction happens 

predominantly at another. Differential corrosion cells, of which there are many different 

forms, are commonly the cause of underground corrosion of pipelines and other 

structures. Differential aeration cells are a type of differential cell corrosion in which 
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various areas of a pipe are exposed to varied oxygen concentrations in the soil, and the 

cells are generated by changes in the nature of the pipe surface or soil chemistry. When 

excavating an old bare pipeline, this tendency can be seen when some portions are in 

good shape and others, only a few feet away, are highly corroded (Kolawole et al., 2018; 

Wasim & Djukic, 2022).  

 

            Figure 1. Differential cell corrosion revealed after tearing off the coating layer in 
order to reinforce the pipe with fiber glass sleeves, photo credit to SCOT’s maintenance 

staff. 

1.3.3.2.2 Corrosion due to Differences in soil properties 

 
Differential aeration cells are most caused by variations in soil moisture content, 

depth from the surface, or oxygen barriers such as paved roads. Differential corrosion 

cells can be caused by differences in oxygen content, pH, or the concentration of hostile 

ions like chlorides in the soil ((Kolawole et al., 2018; Wasim & Djukic, 2022). 
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1.3.3.2.3 Galvanic Corrosion 
 

Another example of a differential corrosion cell is one in which different metals 

in contact create a potential difference, resulting in galvanic corrosion. Varied metals 

have different corrosion potentials depending on the environment they are exposed to,  

such as the galvanic series for metals in soils. When these metals are electrically 

connected, the metal with the highest positive corrosion potential is catholically 

polarized, lowering its corrosion rate, while the metal with the highest negative corrosion 

potential is anodically polarized, raising it. The effects of galvanic corrosion on an 

underground pipe or other structures might be devastating. An example is the corrosion 

of iron in contact with copper or stainless-steel fittings. On the other hand, galvanic 

corrosion can be used as a cathodic protection method (CP) (Kolawole et al., 2018; 

Wasim & Djukic, 2022). 

1.3.3.2.4 Stress Corrosion Cracking 
 

Stress corrosion cracking (SCC) occurs when a material cracks due to the 

combined action of corrosion and tensile stress. On underground pipes, there are two 

types of external SCC: high-pH SCC (also known as classical SCC) and near-neutral-pH 

SCC (also referred to as low-pH SCC). The development of colonies of longitudinal 

surface cracks in the pipe body that connect to form long, shallow defects is a feature of 

both types of SCC. Stress corrosion can grow and interlink in some instances. Cracks 

develop defects that are large enough to cause pipeline leaks or ruptures (Jones & Ricker, 

1992; Wasim & Djukic, 2022) -see Figure 2- 
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Figure 2. Photo shows a small leak due to stress corrosion cracking in the girth weld, 
photo credit to SCOT’s maintenance staff. 

1.3.4 Corrosion Control 

Corrosion control is a major concern for oil and gas workers; it is a combination 

of reactive and proactive procedures implemented by pipeline designers and corrosion 

engineers to ensure safe and long-term oil and gas operations. As a result, pipeline 

engineers use a range of tools to combat exterior and internal corrosion ((Kolawole et al., 

2018; Popoola et al., 2013) 

1.3.4.1  Selection Of Appropriate Materials 

Components in the oil and gas sector are exposed to such rigorous operating 

conditions of pressure and temperature. Therefore, equipment must be designed to 

withstand such extreme conditions. As a result, high-strength materials with better 

characteristics are in high demand. Because alloy microstructure determines metal 



28 
 

susceptibility to sulfide and hydrogen stress cracking. National Corrosion Engineers 

(NACE) employed strength and chemical composition as determining factors to 

maximize the alloy's corrosion resistance. For example, today, any alloy contain ing 1% 

nickel and having a surface hardness of less than 250 (HV) is acceptable for use (Iannuzzi 

et al., 2017). Table 5 shows the chemical composition of some common low alloy steels 

used in petroleum pipelines. The transmission pipeline material must be compatible with 

the service circumstances, and the proportions of each component must be selected to 

match the fluid and operation characteristics. In a similar vein, Weldability, for example, 

is a critical concern; hence, jointing pipeline segments necessitates the use of a similar 

filler metal with greater mechanical qualities to boost the base material's strength 

(Iannuzzi et al., 2017).  

1.3.4.2 Coatings 

Coating is an important method for preventing external corrosion by isolating the 

pipe from the soil. Coating-free areas are not permitted under any circumstances; the pipe 

must be completely covered because any "holiday-free" coating will inevitably induce 

corrosion, resulting in leaks and pipe failure. As a result, the coating was rigidly inspected 

before the line was backfilled. The coating material should be corrosion-resistant and 

conform to the underlying metal's requirements. Changes in soil conditions over time 

place tremendous loads on coatings, causing them to distort and deteriorate over time. 

The use of a good coating, reinforcing wrapping, and cathodic protection is a typical most 

successful corrosion protection procedure (Ostroff, 1975).  
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Table 5. Standard nominal composition (%) for PSL1 pipe with t ≤ 0.984”, reproduced 

from API 5L 

Steel 

Grade 

Standard Nominal Composition (%) for PSL1 Pipe with t ≤ 0.984” 

 

C Mn P S V Nb Ti 

Max b Max b Max Max Max  Max 

Seamless Pipe 

A 0.22 0.9 0.3 0.3 - - - 

B 0.28 1.2 0.3 0.3 c,d c,d d 

X42 0.28 1.3 0.3 0.3 d d d 

X46 0.28 1.4 0.3 0.3 d d d 

X52 0.28 1.4 0.3 0.3 d d d 

X56 0.28 1.4 0.3 0.3 d d d 

X60 0.28e 1.40 e 0.3 0.3 f f f 

X65 0.28e 1.40 e 0.3 0.3 f f f 

X70 0.28e 1.40 e 0.3 0.3 f f f 

Welded Pipe 

A 0.22 0.9 0.3 0.3 - - - 

B 0.26 1.2 0.3 0.3 c,d c,d d 

X42 0.26 1.3 0.3 0.3 d d d 

X46 0.26 1.4 0.3 0.3 d d d 

X52 0.26 1.4 0.3 0.3 d d d 

X56 0.26 1.4 0.3 0.3 d d d 

X60 0.26e 1.40 e 0.3 0.3 f f f 

X65 0.26e 1.40 e 0.3 0.3 f f f 

X70 0.26e 1.65 e 0.3 0.3 f f f 

a. Cu ≤ = 0.50% Ni; ≤ 0.50%; Cr ≤ 0.50%; and Mo ≤ 0.15%, 
b. For each reduction of 0.01% below the specified maximum concentration for carbon, an 

increase of 0.05% above the specified maximum concentration for Mn is permissible, up to 

a maximum of 1.65% for grades ≥ L245 or B, but ≤ L360 or X52; up to a maximum of 

1.75% for grades > L360 or X52, but < L485 or X70; and up to a maximum of 2.00% for 

grade L485 or X70., 
c. Unless otherwise agreed NB + V ≤ 0.06%, 

d. Nb + V + TI ≤ 0.15%, 

e. Unless otherwise agreed., 

f. Unless otherwise agreed, NB + V = Ti ≤ 0.15%, 

g. No deliberate addition of B is permitted and the residual B ≤ 0.001% 
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1.3.4.3  Cathodic Protection 

Cathodic protection is a common procedure used to safeguard ships, offshore 

platforms, and underground pipelines when they are subjected to corrosive environments. 

Cathodic protection uses galvanic anodes to sacrifice the pipe; a current is impressed onto 

the pipeline's surface via an external anode. When a galvanic current flows from the anode 

to the pipe and back to the anode through the soil, it suppresses any corrosion currents 

that may be discharged from the pipe in this area. The pipe becomes the cathode because 

the current net flow is into rather than out of it. The current discharger, the anode, is 

consumed, sacrificing the life of the pipe. Magnesium anodes with a 500 amp-hour/pound 

rating are commonly used. In pipelines, the 17-pound size is the most common, but other 

types such as cast anodes, zinc anodes, and ribbon-type with an iron wire core are also 

popular. The resistivity of the working environment, however, influences the choice of 

anode material. For example, in low-resistivity soil, it is recommended to use the cheapest 

cast anodes, whereas, in seawater or salt marshes, zinc anodes are recommended (Ostroff, 

1975). Figure 3 Represents a Schematic of the Sacrificial Anode Cathodic Protection 

Method (Khan et al., 2021) 

 

Figure 3. Cathodic protection with single rectifier and ground bed (Khan et al, 2018) 
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1.4  Pigging 

From the early days of oil and gas industry pigs were used to ensure the reliability 

of oil pipelines. The term of “pig” is used to indicate any device that move through a 

pipeline driven by fluid flow. It also enables us to clean and inspect the pipeline without 

having to halt product flow. Pigs varied from very simple scrapers to very complex 

intelligent devices. Pigs could be categorized upon the functions that they designed to 

perform, applications include line cleaning, line commissioning and product separation, 

leak detection, internal corrosion, geometry inspection and many others (Casey, 1996). 

1.4.1 Cleaning Pigs 

Cleaning pigs are used to ensure the flow efficiency of a pipeline by removing the 

potential contaminants from within the pipe. Such contaminants comprise wax, biological 

growth, and deposits. Mandrel pigs are popular in such type of pigging where the pig is 

composed of central shaft that takes the shape of the spool, to which are mounted urethane 

or rubber-type cups, or disks separated by either metal fabricated or urethane spacers, 

disks could be equipped with wire brushes or blades which remove the contaminants. 

Figure 4 shows The mandrel, which also can be designed to fit multi-diameter pipelines 

(Clark, 2005). Another example of cleaning pigs are Polly pigs which are made of a foam 

core using variant foam densities, Polly could be equipped with brushes, carbide 

polishing pads, disks, and holes for pig locators of various types (Tiratsoo, 2013). 
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Figure 4. Mandrel pig 

 

1.4.2 Batching/ Separation Pigs 

Batching means using the same pipeline to transport different types of products, 

such as Diesel oil and Gasoil. Batching involves sending a batch of the product along the 

line for a few hours and then sending a different batch of a different product a few hours 

later and so on. Batching pigs are equipped with a seal that is used to separate two 

different products transported in the pipeline,- see Figure 5-. (Lim & Williamson, 2013). 
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Figure 5. Batching pigs 

 
1.4.3 Inspection Pigs 

Pipelines' Inspection pigs could be categorized into the following categories: 
 

1.4.3.1  Internal geometry pigs 

Used to detect any potential internal geometrical defects that might occur after the 

construction and prior to operations. In such cases, pigs with a Caliper-type design are 

used. Such devices are provided with sensors that make contact with the pipe's inner wall 

along its entire inner circumference to identify deflections indicative of changes in the 

inner pipeline diameter (Tiratsoo, 2013). 

1.4.3.2  Ultrasonic inspection 

Ultrasonic pigs have been invented to detect metal loss and small cracks in 

pipelines. As shown in Figure 6, these pigs are equipped with a ring of ultrasonic 

transducers which are made to make touch with the pipe wall and face outwards. The 

transducers generate ultrasonic pulses through the pipe wall as the pig moves through the 

line. Both the inner and outer surfaces of the pipe wall reflect the sound wave as it passes 

through the fluid coupling to the pipe wall. The thickness of the pipe wall in addition to 

the defects like cracks is determined using a delay in the reflections returning to the 

transducer. The pig weighs significantly less than its flux-leakage counterpart because of 
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the way it is electronically configured. The ultrasonic pig can travel over bends with a 

small radius because it has a special flexible coupling between segments (Goedecke, 

2003). 

 

                Figure 6. Ultrasonic pig, photo credit to SCOT’s mechanical engineering   
department. 

 
1.4.3.3  Magnetic flux detection pigs 

Magnetic flux leakage (MFL) is used to assess the Pipeline integrity and to spot 

any spot where metal is being lost or corroded. In hostile locations like the subsea or 

where heavy cleaning pigs are needed to scrape solid deposits from the pipe wall, the 

metal loss may be a particular issue. Large magnets that are carried by MFL surveying 

pigs create powerful magnetic fields that saturate certain parts of the pipe as the pig passes 

through. The magnetic field is located, and the flux path is recorded using sensors 

installed on the pig in the middle of the magnetic poles as depicted in Figure 7. Areas of 

metal loss can be linked to areas of flux leakage, which can be identified. Due to its ability 
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to function in a dry environment, the MFL detection pig is well suited for the inspection 

of gas pipelines (unlike the ultrasonic pigs). The tool is also less impacted by the pipe 

wall's surface condition (Goedecke, 2003).  

 

                Figure 7. MFL intelligent pig set on the pig launcher belonging to the oil-
products pipeline, photo credit to SCOT's mechanical engineering department. 

1.5 Financial Feasibility of oil transmission pipeline 

 Economic Feasibility Study is an essential part of Petroleum Projects. The reason 

behind that is the critical role played by the Petroleum Industry in Society, Economy and 

Foreign Trade (Shaallan, 2012).  

It is a series of connected studies that are come after the technical analysis to evaluate a 

new project as an investment opportunity among other opportunities by examining their 

potential future costs and profits to identify and select the best options (Clifton & Fyffe, 

1977).  

 The project viability can be assessed and evaluated using simple profitability 

metrics, such as (Net Profit, Average Profit, and Payback Period). Additionally, 
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indicators could be complicated (Internal Rate of Return, Net Present Value, Discounted 

Payback Period and Profitability Index.) Furthermore, indicators may be expanded to 

include many financial statements of the project, such as statements of (Net Income, Cash 

Flow, and Budget), along with particular financial ratios (Shaallan, 2012).  

 A study on 412 pipelines recorded between 1992 and 2008 in the oil and gas 

journal showed that the cost of material and labor is about 71% of the pipeline 

construction cost (Rui et al., 2011). Pipelines’ capital and operating costs are associated 

significantly with the pipe diameter, the greater the diameter of the pipeline the greater 

installation cost and lower operating cost. On the other hand, a small diameter will lower 

the initial cost of construction but will increase the cost of pumping (Franquet Bernis). 

 Therefore, the economic aspects of transmission pipelines have been an interest 

of many researchers over the world, (Bai et al., 2013) developed a new methodology to 

estimate the cost  for onshore pipeline of CO2 in China. The components’ cost was 

determined as a percentage of the capital cost based on the experience retrieved from 

previous studies. Site characteristics, and Market conditions are observed as factors 

influence pipeline construction cost differences (Rui et al., 2011).  

1.6 Debottlenecking of Oil and Gas assets 

Debottlenecking is the process of increasing output from already-existing factories 

and machinery by optimizing procedures or upgrading machinery. The financial impact 

of increasing production capacity by purchasing additional machinery or factories varies  

depending on the industry. Debottlenecking is therefore frequently a mission-critical job, 

especially as output approaches capacity (Unnam et al., 2022). Debottlenecking is derived 

originally from The Theory of Constraints TOC. Which developed by Dr. Eliyahu 

Goldratt, when he introduced it f irst time through his 1984 novel “The Goal”. 
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Constraints are anything that inhibits the organization f rom moving closer to  its 

objective. Constraints in  industrial pr ocesses are f requently ref erred to  as 

bottlenecks. It's interesting to note that limitations don't always involve physical 

objects (Goldratt & Cox, 2016).  

In  oil and gas industry, Debottlenecking entails evaluating each piece of  

equipment's capacity and time usage in  order to  identify possibilities  to  boost 

throughput while requiring the f ewest capital investments.  Debottlenecking 

procedures often start with a review of a facility's overall operational conditions. 

This f requently entails comparing the present operating parameters and system 

settings (such as f low rates, pipe sizes, pressures, etc.) with the process 

equipment's design requirements (Watson, 2022).  

Sometimes removing a bottleneck is as easy as setting s ystem parameters to the 

desirable  design parameters. However, other times the solution can be a little more 

demanding in terms of  time and work, like replacing a complete piece of equipment 

or adapting it to  better suit the facility's requirements. Another crucial stage in the 

debottlenecking process is recognizing a f acility's limitations. Nearly every 

ref inery process has the pote ntial to increase throughput to  some extent, but safety 

should never be sacrificed in  the sake of efficiency (Sadeghbeigi, 2020).  

Debottlenecking research is a collection of workable alternatives with a range 

of  costs and benefits. After that, an intense discussion is used to choose the best 

course of  action. The decision maker shall take in  consideration f actors like 

operating efficiency, preferences f or technology and equipment, and acceptable 

risk  (Schneider, 1997). 
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Debottlenecking oil and gas assets may provide great added benefits for asset 

owners, asset managers, service providers, stakeholders, health and safety 

managers, public policymakers, environmental protection officials, and regulatory 

authorities (Shafiee & Animah, 2017). These benefits are related to wide spectrum 

of  economic, technical, environmental, social and legal advantages.  

Reduced capital expenditures (CAPEX) and ongoing operational expenditures 

(OPEX) over the asset's lif etime due to  the achieved optimization in  the 

performance of the asset is one of the main economic benefits of life extension. 

(Carpenter, 2021) demonstrated how successfully identifying bottlenecks can 

boost the rate of fluid separation above the design capacity in  an aging offshore 

platform, resulting in  a 30% increase in  daily production.  

 Some Technical benefits also are perceived in  retrofitting oil and gas assets 

programs, such advantages include: optimize f ailure detection, improve 

monitoring capabilities, and upgrade technical specification of  the ageing 

equipment (Shafiee & Animah, 2017). Zulu pipeline represented an instance of  

reconfiguration the f low regime by removing water content to   increase slugging, 

maintain pipeline pressure, and minimize Zulu's compression errors, which left a 

positive effect on production rates and operating costs. (Leonardo et al. , 2003) . 

According to (Banet, 2020), reusing pipeline will reduce the environmental effects of 

low-carbon energy by reducing the footprint of the new assets. (Morales-Mora et al., 

2019) showed how retrofitting Combined heat and power (CHP) with post-combustion 

carbon capture improved the energy efficiency along with a reduction in all assessed 

environmental effect categories when compared with the basic case.  
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Prolongation of oil and gas assets by revamping has social benefits that it will reduce 

local opposition to new infrastructure development. Additionally, assisting licensees and 

owners in lowering decommissioning and transmitting costs will benefit society as a 

whole by decreasing the burden on taxpayers (Banet, 2020). 

One of the very few examples of the legal advantages of debottlenecking  that 

it used as an alternative to avoid economic sanctions for instance , In order to  avoid 

any unnecessary sanctions risk issued by the US concentrating investments in  

Russian energy sector , the consortium of Chevron, Exxon Mobil, Eni, and Royal 

Dutch Shell utilized the term debottlenecking to  describe the upgrading activities  

intended to be done the  1,500 Km Caspian Pipeline, Kazakhstan (Intelligence, 

2022).  

Risk-based inspection and maintenance (RBIM) must be carried out in order to 

address the direct integrity threat posed by the reuse of oil and gas pipelines. The pipeline 

integrity management strategy known as RBIM is relatively new and can be seen as a 

development of the condition-based maintenance policy. In order to prioritize an 

inspection and maintenance plan based on risk ranking, RBIM is a need-based method; it 

aids managers in carrying out knowledgeable testing and inspection without jeopardizing 

public safety (Dawotola et al., 2013). Risk-based design and evaluation approaches are 

outlined in industrial standards including API 580, ASME B31.8S, and CSA Z662. 

(Nessim et al., 2010). The qualitative, semi-quantitative, and quantitative risk analysis 

models are frequently used in oil and gas pipelines. The three methods are mostly focused 

on the sort of data—quantitative or qualitative—of expert judgment. While there are other 

methods for estimating risk, including probabilistic, deterministic, and their combination 

(Han & Weng, 2011). Deterministic techniques work under the assumption that hazards 
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will exist and that their effects on people, the environment, and equipment will be well 

understood and inevitable. A probabilistic approach, on the other hand, is based on the 

likelihood that a dangerous event or possible accident would occur. While qualitative 

techniques are used to discover risks and models that generate the effect, quantitative 

techniques are used to quantify likelihood and impact (Singh & Markeset, 2014).    

(Bertuccio & Moraleda, 2012) used a combination of fuzzy logic theory and expert 

judgment for modeling the likelihood and severity of impacts. He presented the potential 

application of fuzzy logic to the evaluation of corrosion risk in natural gas pipelines.  

Keywords: Risk evaluation, fuzzy logic. Similar study conducted by (Shabarchin & 

Tesfamariam, 2016) proposed a probabilistic internal corrosion hazard assessment tool 

for oil and gas pipelines based on Bayesian belief networks (BBNs). By considering 

diverse data, including expert knowledge, published literature, and analytical corrosion 

models, a cause-effect BBN model has been built, to assess corrosion faults and 

associated chance of failure, various corrosion models and failure pressure models have 

been combined into a single flexible network (PoF). On the other hand, qualitative 

approach deployed by (Frefer et al.) to evaluate the potential for corrosion in the gas and 

oil pipelines of the Mellitah oil and gas B.V Company's Sabratah platform and Wafaa 

field. The qualitative risk assessment matrix is used to evaluate the possibility and impact 

of pipeline risks based on previous data that was gathered from inspection reports and 

information from experts. (Gyarino et al., 2022; Rosyid et al., 2017) utilized Muhlbauer’s 

qualitative approach which determine scoring or index models for risk assessment 

pertained with construction of oil-products lines. (Mahmoud & Dodds, 2022) 

implemented survival analysis which is a probabilistic method to evaluate the potential 

of pipeline repurposing in the North Sea based on the failure records, as it addresses 
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acceptable levels of data gaps and does not call for accompanying field expenses for in-

depth inspection. In contrast to feasibility studies, it offers a precise assessment of the 

estimated remaining life.  
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CHAPTER 2 

BACKGROUND INFORMATION & PROBLEM STATEMENT 

 

2.1. Syrian Company for Oil Transportation (SCOT) 

Syrian Company for Oil Transportation (SCOT) was founded in 1972 to replace 

the nationalized Iraq Petroleum Company IPC. Following 1972, SCOT was tasked with 

administering the mid-stream light crude system. Since then, SCOT regulates crude oil 

transportation through two trunk lines built between 1950 and 1992 for the purpose of 

transporting light crude oil from Iraq and from the north-east Syrian oil fields to Banias 

terminal and Banias refinery through Homs in which, the lines branches into four 

pipelines, one of which transports imported and refined oil products reversely from 

Banias to the storage facility. Marker posts are used along the pipeline track to designate 

the pipeline right of way and to indicate its location. Markers are put throughout the 

pipeline for 554 miles, with 25 markers per mile denoting the mile number and marker 

number, for example, X/Y denotes mile X and marker number Y. Furthermore, four 

pumping stations have been installed along the line for boosting and monitoring material 

volumes, and they are placed as follows: T2 was previously receiving oil from T1 station 

within Iraq, almost 60 kilometers south of Abou-Kamal near the Iraqi Syrian border, T3 

station 60 kilometers east of Tadmur city (Palmyra), and T4 station 100 kilometers east 

of Homs city. Each pump station has a set of oil storage tanks that serve as relief tanks in 

the case that a tanker is unable to anchor due to poor weather or while a leak is being 

repaired. Banias Terminal has forty oil storage tanks with a total storage capacity of 

128,000,000 cubic meters. Figure 8 illustrates the light and heavy crude lines and pump 

stations belonging to SCOT. 
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Figure 8. Crude pipelines belonging to SCOT, reproduced from 

http://www.scot.gov.sy/. 

 

2.2. Banias-Homs Oil Products Pipeline 

Banisa-Homs 24" oil-products pipeline was originally put into service in 1961, 

made of API 5L GR B and API 5L X48. The pipeline's service life is divided between 

two periods: the first covers the years 1961 to 1982, where it was used to export Iraqi 

crude oil through Banias terminal. At then, the fluid was gravity-fed and was capable to 

transport up to 400,000 barrels per day, which accounted for half of the crude amount 

exported via Banias terminal, however, the remainder passed through the 26" parallel 

pipeline. The second period began in 1982, when Iraqi oil production ceased concurrently 

with the completion of the Banias Refinery; as a result, instead of building a new pipeline, 

Syrian government decided to re-use the 24" pipeline for reversal pumping of oil-products 

produced at the refinery to Tishreen oil storage tanks to the north of Homs. Oil products 



44 
 

transportation from Banias to Homs has been running well since 1987, with a consistent 

flowrate of 700 cubic meters per hour, flow is fed by a pump that is installed in the Banias 

terminal. The Pipeline is used to transport a variety of fluids. Fluid is made up of refined 

and imported gasoil, as well as gasoline. Products are transferred in separate batches, with 

100 m3 of Kerosene injected within two cup pigs, a batch detector equipped with a density 

sensor is installed ahead of the pig receiver to identify the batch type and direct it to the 

most convenient tank, Figure 9 figures out the batching process that followed through the 

line. Figure 10 depicts the line elevation profile, which runs between Banias 554/10 to 

Homs 483/13; 539/11 corresponds to the lowest area, which is around 0.61 m above sea 

level (ASL), while 489/10 is the line’s highest point, which is 556 m (ASL); as of 533/13, 

the pipe grade changes from Gr B to X48. 

 

 

                         Figure 9. Batching in Banias-Homs oil products pipeline 
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Figure 10. Topography and metallurgy of the line. 

 
2.2. Pipeline Inspection and Maintenance Record 

Between 1983 and 2008, many inline inspections ILI were implemented to ensure 

the integrity of the pipeline. The first one conducted in 1983 by LINALOG, holland in 

1983 adopting a low resolution  magnetic Flux Leakage (MFL) tool, following of it, they 

launched a maintenance initiative to replace the deteriorated API 5L X48 pipes with X52 

pipes, particularly those pipes exposed to high pressure in the valleys and near water 

sluice, specifically between Tartous and Banias, and the second time in 1996, by 

PIPETRONIX, Germany using an ultrasonic intelligent pig, which also has been followed 

by a maintenance plan included replacement of specified sections with new ones made of 

API 5L X52. Unfortunately, there is no digital copy of the past ILIs data and part of it has 

missed out because of the inauguration of the new SCOT’s building in the early 2000s. 

Therefore, in accordance with API recommendations, SCOT has implemented an ILI in 

2008 by T.D. Williamson TDW by which the pipeline was inspected using the MFL high 

resolution tool. The findings of 2008’s ILI has utilized in this study.  
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2.3. Problem Statement 

 As shown in Figure 11, Syrian government estimated in 2006 that the amount of 

oil products consumption especially diesel fuel would increase by 5% per year over the 

next 20 years. According to the data retrieved from Syrian Company of Oil Transportation 

SCOT – see Figure 11-, there was a shortage of diesel fuel production about 3.5 million 

tons in 2006, this gap between production and consumption was planned to be filled by 

building three refineries: the first refinery which was planned to be built by a Chinese 

company in the east and to be commissioned in 2010 with an annual capacity of 1.4 

million tons, the second is in Deir Al-zor and prospected to  start production in 2012 on 

an annual capacity of 4 million tons, and the third one in Alfurqlus to the east of Homs 

and expected to start production in 2014 with an annual capacity of 3.7 million tons.  

As shown, Syria was expected to reach the even point in 2014, and it will be able 

to export between 2015 and 2018. However, none of those goals were accomplished for 

many reasons, and Syria continued to supply its needs by import oil-products through 

Banias Terminal. In 2010, Syria imported an average of 105,000 b/d of refined petroleum 

products while exporting 150,000 b/d of crude oil and 36,000 b/d of diverse refined 

products (U.S. Energy Information Administration, 2015).    Locally refined and imported 

fuels were transferred to the storage facilities through Banias - Homs oil-products 

pipeline.  

   As illustrated in Figure 12, the operating pressure induced by the increase in the 

imported fuel rate exceeds the Maximum Allowable Operation Pressure MAOP at 69% 

SMYS. Moreover, the pipeline's integrity evaluation revealed that major sections of the 

pipeline are severely corroded, causing the pipe's strength to fall much lower than the 
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MAOP. As a result, it became crucial to find out the potential alternatives to 

accommodate the increasing flowrate of Banias-Homs pipeline.  

 

Figure 11. The prospected Diesel-fuel production versus market demand between 2006 
and 2025; SCOT’s department of operations 

 
 

 
Figure 12. Operating pressure induced by the new operating conditions versus MAOP 
69% SMYS 
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CHAPTER 3 
 

METHODOLOGY 

The design life of a pipeline is determined to prevent failure from happening during 

a limited amount of pipeline operation due to time-dependent degradation mechanisms, 

assuming a specified degree of maintenance is carried out. Although operating a pipeline 

over its intended lifespan does not imply that it is no longer suitable for its intended use, 

the rationale for doing so should be explicitly documented in the form of a life extension 

study. Figure 13 outlines the methodology that used to evaluate the debottlenecking 

applicability of Banias-Homs Oil-Products pipeline including: 

• Collecting the data concerning with the pipeline design, operation, in addition to 

the inspection and maintenance record: 

• Reviewing the technical feasibility regarding bottlenecking, and the potential 

alternatives 

• Conduct a corrosion-based integrity assessment, and root cause analysis to dig 

behind the potential causes of pipeline degradation 

• Performing a relative risk assessment to determine how much it is safe to operate 

the line for an extended period 
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Figure 13. Pipeline debottlenecking process 

 
3.1. Working Fluid and Operating Conditions 

Fluid mechanics has been used to define the material flow characteristics through 

the pipeline based on the operational data and information of the pipeline mile -marker 

posts provided by SCOT, the pipeline information is presented in Table 6. Fluid mean 

velocity was found utilizing the continuity equation, linear losses were calculated using 

Darcy-Weisbach, and the local operating pressure was determined using the Bernoulli 

equation over 1900 points along the pipeline. 

Q = V. A                                                                      ( 12 ) 

Where: 

Q = the volumetric flow rate (m3) 

A = the cross-sectional area of flow (m2) 
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V = the mean velocity (m/s) 

HL =  λ . L/Di. V2/2g                                               ( 13 ) 

Where: 

HL: friction losses (m) 

Di: inner diameter (m) 

V: fluid velocity: (m/s) 

L: pipe length (m) 

λ: Darcy friction factor 

𝑃1

𝛾
+

𝛼.𝑉12

2 .𝑔
+ 𝑍1 =

𝑃2

𝛾
+

𝛼.𝑉22

2 .𝑔
+ 𝑍2                            ( 14 ) 

 
Where: 

P1: pressure at first elevation. (m) 

P2: Pressure at the highest point (m) 

Z1: elevation 1 (m) 

Z2: elevation 2 (m) 

V1: velocity at point 1 (m/s) 

V2: velocity at point 2 (m/s) 

 

 

 

 

 

 



51 
 

Table 6. Pipeline basic design information as provided by SCOT 

Parameter Value 

Length 116.9 Km 

Diameter 24'' (609.6 mm) 

Wall Thickness (WT) 0.375'' (9.525 mm) 

Material grades API 5L GR B, API 5L X48 and API 5L X52 

Line Pipe type Seamless and Electric resistance welded (ERW) 

Specified Minimum Yield Strength 

(SMYS) 
241 N/mm2 and 331 N/mm2 

Ultimate Tensile Stress (UTS) 413 N/mm2 and434 N/mm2 

Relative roughness 100 Micrometer 

External Coating Type 
Bitumen, Sack Cloth and in some parts 

Polyethylene (P.E.). 

Design Pressure 65 Bar 86%, SMYS 

Assessment Pressure 52 Bar 69%, SMYS 

Design Temperature  20 °C 

 Fluid density  0.85 g/cm3 

Liquid viscosity centistokes  3.52 centistokes 

 

3.2. MAOP Assessment 

Maximum Allowable Operating Pressure MAOP was used to determine the safe 

operability of the potential scenarios at 1400 m3/hr. MAOP is used as a benchmark that 

is not allowed to be exceeded by the Maximum Actual Pressure MAP. Accordingly, the 

pipes' grade was chosen to be API 5L X60 with a Specified Minimum Yield Strength 

SMYS of 60,000 (psi). However, when calculating the MAOP, a margin of safety design 
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factor of 0.5 was used. MAOP for liquid pipeline systems is given by the following 

formula (McAllister, 2013): 

𝑃 =  (2. 𝑆. 𝑡/𝐷)  ∗  𝐹 ∗ 𝐸                  ( 15 ) 

Where: 

 P = Design pressure, lb/in2. 

S = Specified minimum yield strength, lb/in.2 (Table 1) 

t = Nominal wall thickness, in. 

D = Nominal outside diameter, in. 

F = Design factor (Table 2) 

E = Longitudinal joint factor (Table 3) 

3.3. Root Cause Analysis 

Root Cause Analysis is the process of locating the underlying causes of issues in 

order to choose the best solutions. Instead of only treating irregular symptoms and 

implementing correction measures, RCA believes that it is considerably more beneficial 

to systematically prevent and resolve underlying problems (Rooney & Heuvel, 2004). 

     In order to analyze the causes behind corrosion, A fishbone diagram FD has been 

established. FD was developed to identify the underlying causes of issues by Japanese 

management expert Kaoru Ishikawa. It shows the connection between an issue and its 

underlying causes, FD is a qualitative analysis tool for expression and causal analysis that 

is frequently used in qualitative analysis (Luo et al., 2007). Complex accident causes can 

be systematized with a step-by-step, in-depth analysis of the components that influence 

them. Prior to beginning the detailed study, we consider the variables that have the 

greatest impact on safety. After that, we go away from the major cause to identify 

secondary reasons, minor factors, and less significant factors, and finally, the primary 

cause is identified and determined (Deng et al., 2013). 
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     To identify the major factors that contribute to pipeline corrosion, 5 questions have 

been asked: Why is the pipeline massively corroded? this is the first why. Second why: 

Why Internal features are significantly greater than the external features? Third why: Why 

the operating conditions are so corrosive?  Fourth why: Why some spots are more 

corroded than others? Fifth why: Why the operating fluid contain high corrosive 

composites?  

     To answer these questions, this research utilized a soft copy of the 2008 inspection 

results, where a descriptive analysis of the metal loss data was performed to define the 

statistical characteristics of the metal loss features' parameters of length, width, and depth. 

Accordingly, a qualitative analysis has been carried out by looking at the corrosion 

features frequency along the line and identifying the pattern that underlie pipeline failure 

by connecting corrosion frequency to the operational conditions. 

3.4. Remaining Strength of the Corroded Pipeline 

Based on the operational information provided by SCOT -see Table 6-, this study 

used Fitness for Purpose Assessment (FPPA) to assess the pipeline's suitability to operate 

under static pressure conditions. The significance of the corrosion features reported by 

the MFL inspection in 2008 has been evaluated in terms of through wall depth in relation 

to axial and circumferential dimensions. ASME B31 G and Modified B31 G were used  

for assessing the significance of corrosion features in terms of their axial length and 

through thickness depth, Kastner method used for the assessment of the circumferentially 

defects. The philosophy which is generally accepted world-wide (and codified in 

ANSI/ASME B31.G) is that a pipeline is fit-for-purpose for operation at 72% SMYS if  

corrosion is limited to a size which would survive a pressure test to 100% SMYS, 

resulting in a safety factor of 100/72 (=1.39). Any corrosion of a size which would not 
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survive a stress of 100% SMYS should be removed / repaired. In addition, corrosion of 

depth exceeding 80% wt is unacceptable due to the risk of a leak. On the above basis, 

features require repair if: 

i) Their reported dimensions exceed the size tolerable at a pressure equivalent to  

𝑀𝐴𝑂𝑃 ∗ 𝑆𝑎𝑓𝑒𝑡𝑦  𝐹𝑎𝑐𝑡𝑜𝑟  

ii) Their peak depths exceed 80% (wt) (Kiefner & Vieth, 1989) 

3.5. Economic Feasibility Study 

To review which is the most feasible project from financial perspective, The decision 

maker has applied the following methodology: 

• Total Cost of Ownership analysis to define the relevant costs over the entire life 

of a project period 

• Discounted Cash Flow methodology (DCF) 

• Financial indicators to evaluate return on investment ROI, and Internal rate of 

return IRR 

•  Monte Carlo simulation to tracks the possible future scenarios that would hit 

Pipeline profitability. 

3.5.1. Total Cost of Ownership Estimation 

This estimate is regarded as a preliminary approximation of direct and indirect 

capital, maintenance and operational cost that used to determine the financial feasibility 

of each of the proposed projects.  

      Components capital cost estimation requires specific determination methods for all 

cost components. The major item which is the piping material cost was estimated by 

multiplying the tonnage of pipes required to lay down the entire line by the cost of one 

ton of pipe material. The additional capital cost components are determined using average 
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percentages of the total direct plant costs, total direct (Peters et al., 2003). This is 

illustrated in the following cost equation: 

𝐶𝑛 = [ ∑ 𝐸 + ∑(𝑓1𝐸 + 𝑓2𝐸 + 𝑓3𝐸) ](𝑓𝐼)         (16)                         

Where: 

E: Purchased-equipment cost 

 f1, f2...= multiplying factors for piping, electrical, instrumentation, etc. 

fi = indirect cost factor always greater than 1. 

 Cost Estimation methodology of the potential alternatives is represented in Table 

7, pipe-purchased equipment (a) is determined according to design-price model 

considering the price of 1 ton of coated API 5L X60 pipes is $1500. Installation cost (b), 

valve station (c), Electrical installations (d), in addition to the yard improvements are 

determined as percentage of pipes-purchased cost using experience from (Bai et al., 2013; 

Peters et al., 2003). Right of way cost is determined considering the price of 1 donum 

(1,000 m2) is $1,000. Other costs which include: shipping cost, engineering and 

supervision cost, and administrational costs is considered 20% of the pipes-purchased 

cost based on a data from (Bai et al., 2013; Peters et al., 2003). Contractor fees determined 

8% referring to (Peters et al., 2003). Contingencies which cover the unexpected expenses 

of unpredictable events estimated 8% using data from (Peters et al., 2003).  

 Operating Cost associated with oil-products transportation is the expenses related 

to operate the pump station which depends primarily on the pump capacity, staff required 

to operate the pump and price of the electricity that used to power the pump. Pump 

capacity is associated directly with the operation parameters at which shall it be operated.    
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Table 7. Cost components of potential pipelines 

Pipeline Construction Cost 

(a

) 

(b) (c) (d) (e) (f) (g) (h) (i) 

*1 50%   of 

(a) 

30% 

of (a) 

11.5% of (a) 20% of (a) / 20% of 

[(a)+(b)+(c)

+(d)+(e)] 

8%       of 

[(a)+(b)

+(c)+(d)

+(e)] 

8%       of 

[(a)+(b)

+(c)+(d)

+(e)] 

(a) Pipeline-purchased cost (b) Installation cost (c) Valves (d) Electrical                                  

(e) Yard improvements (f) right of way (g) Other cost (h) Contractor fees                          

(i) contingency cost 

       

   Therefore, this methodology will determine the flow velocity through the pipeline that 

will be the most economical from a total cost of ownership perspective. Larger diameter 

pipes will result in slower flow rates, which will reduce pressure losses and, in turn, 

reduce pumping expenses. However, larger pipes are pertained with higher capital, 

installation, and maintenance cost. A typically designed pipeline would decrease the total 

of the annual expenses of compression and the initial fixed costs for the pipeline.  

  The equation represented below used to determine the operating cost of the 

prospected lines based on pump capacity and average of electricity price: 

𝑂𝑝𝑒𝑟𝑎𝑡𝑖𝑛𝑔 𝐶𝑜𝑠𝑡 =  𝐵𝐻𝑃 ∗  𝑃𝑟𝑖𝑐𝑒 𝑜𝑓 𝑘𝑊ℎ ($)  ∗  24 ∗ 365 

𝑂𝑝𝑒𝑟𝑎𝑡𝑖𝑛𝑔 𝐶𝑜 =  𝜌 ∗ 𝑔 ∗ 𝐻 ∗ 𝑄/ ή 𝑝𝑢𝑚𝑝 𝑚𝑒𝑐ℎ𝑎𝑛𝑖𝑐𝑎𝑙 ∗  ή 𝑝𝑢𝑚𝑝 𝑒𝑙𝑒𝑐𝑡𝑟𝑖𝑐𝑎𝑙 ∗  1000 

(17) 

Where: 

ρ: density of fluid (kg/m3) 
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g: acceleration of gravity (9.81 m/s2) 

H: differential head (m) 

Q:  flow (m3/h) 

Ƞmechanical: Efficiency of the mechanical motor 

Ƞelectrical: Efficiency of the electrical motor 

 Pump cost determined using logarithmic approach known as six-tenth factor rule, 

this rule states that if the cost of a given unit at one capacity is known, the cost of a similar 

unit with X times the first unit's capacity is about (X)0.6 times the cost of the initial unit 

(Peters et al., 2003). 

𝐶𝑜𝑠𝑡 𝑜𝑓 𝑃𝑢𝑚𝑝 𝑎 = 𝑐𝑜𝑠𝑡 𝑜𝑓 𝑝𝑢𝑚𝑝 𝑏. (
𝑐𝑜𝑠𝑡 𝑜𝑓 𝑝𝑢𝑚𝑝 𝑎

𝑐𝑜𝑠𝑡 𝑜𝑓 𝑝𝑢𝑚𝑝 𝑏
)

0.6

                 (18) 

Based on information retrieved from SCOT related to similar pump that purchased 

in 2000, the cost of 1400 KW was 2.5 million dollars. The cost of pumps required for the 

purpose of this study has calculated considering the exponent value for Centrifugal Pump 

as 0.33. The cost indices which used to update cost data from the past and make it 

applicable to the present conditions considered as the following based on RS Means 

which is leading source of construction cost data in North America: 

                                 Cost index for 2000: 120.9 

                                 Cost index for 2010: 183.5 

Therefore, the cost of the pumps in 2010 would be calculated per the following formula: 

Cost of Pump = 2,500,000 * (
183.5

120.9
) . (

𝐶𝑎𝑝𝑎𝑐𝑖𝑡𝑦 𝑜𝑓 𝑃𝑢𝑚𝑝 𝑖𝑛 2010

𝑐𝑎𝑝𝑎𝑐𝑖𝑡𝑦 𝑜𝑓 𝑃𝑢𝑚𝑝 𝑖𝑛 2000
)

0.33

      (19) 

The costing model utilized in this research includes the cost of pipeline 

maintenance as a proportion of the overall annual cost. Due to its complexity and 

uncertainty, the cost of pipeline maintenance as a function of design characteristics is 
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challenging, if not impossible. Various authors have suggested using 0.5% TAC as 

compensation for pipeline upkeep  (Mohitpour et al., 2003). Consequently, the 

Maintenance Cost could be presented as following: 

𝑀𝑎𝑖𝑛𝑡𝑒𝑛𝑎𝑛𝑐𝑒 𝐶𝑜𝑠𝑡 = 0.05 ∗ (𝑂𝑝𝑒𝑟𝑎𝑡𝑖𝑛𝑔 𝐶𝑜𝑠𝑡 + 𝐶𝑎𝑝𝑖𝑡𝑎𝑙 𝐶𝑜𝑠𝑡)           (20) 

3.5.2. Discounted Cash Flow  

 Discounted Cash flow (DCF) analysis is a very common method that used to 

evaluate the wide spectrum of assets, including oil and gas pipelines.  DCF analysis 

evaluates the present value of the predicted cash flows that will come from the assets in 

the future. In DCF analysis, the word "discounted" comes from the time value of money 

principle. This idea holds that a particular sum of money today is worth more than it will 

be tomorrow because if it were invested today, it would generate interest. As a result, 

DCF necessitates using the proper discount rate when converting future value o f money 

to current value. Therefore, the cash flow of each incremental future period is multiplied 

with the discount rate to calculate the future net present value of those future cash flows. 

NPV represents the value that the investor would expect to receive at a certain time for 

his investment, taken in consideration the perceived risk of the investment and the time 

value of money (Luenberger, 1997).  

    In order to perform DCF analysis for alternative scenarios that was proposed to 

repurpose Banias-Homs oil-products pipeline, the decision maker considered the 

following assumptions: 

• The throughput of the lines will be increased incrementally 5% per year up to 

1400 m3/hr. after 20 years. 

• The pipeline is designed to operate 24/7, 365 days. 
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• Pipeline tariffs is considered to be $6 per ton, however it is expected to remain 

constant throughout any prospected construction  

• The discount rate is considered to be 10% for every year 

The below formula determines the discounted cash flow for a certain investment: 

𝐶𝐷𝐹 =  
𝐶𝐹𝑛

(1+𝑅𝑛)
                        (21) 

 Where: 

  DCF = Discounted Cash Flow 

 Cfi = Cash flow for period  

 r = interest rate 

 n = time in years before the future cash flow occurs 

3.5.3. Financial Indicators 

Return on Investment ROI is deployed to determine which of the potential alternatives is 

more feasible in terms of profitability; ROI is an economic measure that tries to scale the 

amount of return of certain project in relation to its cost. The ROI formula is represented 

below as following: 

𝑅𝑂𝐼 =
𝐶𝑢𝑟𝑟𝑒𝑛𝑡 𝑉𝑎𝑙𝑢𝑒 𝑜𝑓 𝐼𝑛𝑣𝑒𝑠𝑡𝑚𝑒𝑛𝑡−𝐶𝑜𝑠𝑡 𝑜𝑓 𝐼𝑛𝑣𝑒𝑠𝑡𝑚𝑒𝑛𝑡

𝐶𝑜𝑠𝑡 𝑜𝑓 𝐼𝑛𝑣𝑒𝑠𝑡𝑚𝑒𝑛𝑡
                                     (22) 

Internal Rate of Return (IRR) is another important metric that used evaluate the 

cash flow stream of an investment over the entire investment period. IRR corporates both 

negative values which corresponds to the expenses and positive values (revenues). IRR 

is the discount rate that returns the cumulative discounted NPV to zero. The higher the 

IRR, the more attractive project to undertake. The formula to determine the IRR is as 

follows (Luenberger, 1997): 

0 = NPV =∑ 𝐶𝑡

(1+𝐼𝑅𝑅)𝑡
𝑇
𝑡=1 −  𝐶0                                (23) 
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where: 

Ct = Net Cash Flow during period t 

C0 = Total initial investment costs 

IRR = Internal Rate of Return 

t = the number of time periods 

 3.5.4. Monte Carlo Simulation 

Monte Carlo Simulation is a probabilistic method used usually to simulate 

uncertainties pertained with a given process. The fundamental behind Monte Carlo 

simulation is by taking several random samples from a certain set of probability 

distributions. To perform this simulation, the following procedure shall be followed: 

• Identification of the decision variables 

• Fitting the data distribution and defining the parameters of that distribution 

• Sampling from each of the distributions and combine the outcomes in accordance 

with point 1 

• Repetition of the procedure many times 

• The maximum scenario comprises on working continuously 365 without any 

interruptions. 

• The regular case, or the base case is flowing with a maximum leak rate of 1/1000, 

and 40 days shut down for maintenance issues 

• The extreme scenario is that with only 20,000/day and 100 working days 

• The inflation rate considered to be varied between 2.5% and 20% 

• Compare the relative weights 
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3.6. Relative Index of Pipeline Safety (RIPS) 

The Relative Index of Pipeline Safety (RIPS) is a rational pipeline risk assessment 

tool developed by DOW chemical company in 1990. The goal of this method is to provide 

pipeline personnel with a full picture of the risks pertained with pipeline operation. RIPS 

assessment considers four indexes corresponds to four categories associated with Pipeline 

failure. The indexes are: Third party damages, corrosion, design flaws and incorrect 

operations. Each index can be broken into attributes and preventions. The four indexes 

use a scoring system to weights the likelihood of pipeline failure, the four indexes have 

equal relative weight. The consequences of pipeline release are represented in Leak 

Impact Factor (LIF) which divided by the Sum of indexes producing the RIPS value. 

Figure 14 illustrates RIPS model of Muhlberger method (Muhlbauer, 1990). 

 

                  Figure 14. Relative risk model, (Muhlbauer, 1990) 

 
The Methodology that used to apply RIPS system on Banias-Homs oil-products 

pipeline is roughly simple by performing the following procedure: 

• The pipeline is divided into several sections selected depends on how conditions 

differ. Conditions include internal operating pressure, steel grade, elevation, and 

population density, each section is evaluated in terms of four RIPS indexes. 
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• Evaluation process include give each index a numerical value determined after a 

careful analysis of section operation and maintenance record, the numerical value 

for each index ranges from 0 to 100 points. 

• Each index is broken into attributes related to the design parameters which are 

very costly to change such as products specifications and steel grades, and 

preventions which refer to the measures that adopted by the operator to control 

and monitor the safe operation. 

• The summation of the four index is divided by LIF which is calculated upon an 

analysis of the potential consequences of pipeline failure, that includes 

consequences to the public health and safety, to the environments in addition those 

related to the costs associated with operation interruption, thereby, ILF is given 

as a product of the following variables: 

𝐿𝐼𝐹 = 𝑃𝐻 ∗ 𝐿𝑉 ∗ 𝐷 ∗ 𝑅          (24) 

Where: 

LIF: Leak Impact factor (the highest value represents the most hazard consequences) 

PH: Product hazard 

LV: Leak volume 

D: Dispersion 

R: receptors  

LIF is composed of four variables: Product hazards, Leak volume, dispersion, and 

receptors.   

• Product hazard: It is an indicator of the nature of transported material in the 

pipeline in terms of Flammability (Nf), Reactivity (Nr), Toxicity (Nh), and chronic 

hazard (RQ). Nf, Nr, and Nh which are the acute hazards are assessed according to 
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National Fire Prevention Association (NFPA), Therefore, according to NFPA, 

Appendix A, the acute hazards values of gasoline which is represents the extreme 

case of transportation of hazard liquid through Banias-Homs pipeline is as 

following: Nh= 1, Nf= 3, Nr =0. Thus, the acute hazard score is now carried out 

by adding the scores as follows: Acute hazards (0-12 pts) = (0+3+1) = 4. On the 

other hand, chronic hazards are the potential of life loss due to release of pipeline 

containment. Chronic hazards are assessed using US government regulations 

Clean Water Act (CWA), Clean Air Act (CAA), Resource Conservation and 

Recovery Act (RCRA), and the Comprehensive Environmental Response, 

Compensation and Liability Act (CERCLA). Chronic hazards scored based on the 

reportable spill quantity (RQ), which corresponding in our case to 6pts. Thus, the 

total product hazard of gasoline transmitted through Banias-Homs pipeline 

calculated as following: PH (22 pts) = (acute + chronic) = 4 + 6 =10 

• Leak Volume: Leak or spill is a term referred to the quantity that escape from the 

pipeline, leak volume is a function of leak rate, time, and facility size. Spill size 

extracted usually from previous releases, many factors are employed to assess the 

leak volume such as material, stresses, and the failure mechanism. Gasoline is 

considered as Flammable liquid with acute and chronic hazards, which may cause 

pool fire contamination. Based on the maximum leak volume expected from an 

Banias-Homs pipeline which is > 1,000,000 pounds, it is chosen to be 1. 

• Dispersion: Dispersion is a measure of the leak impact on the surrounding area, it 

is characterized by the product nature, product hazard, environment 

characteristics, in addition to the operating conditions. For the purpose of this 
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research, the maximum score of dispersion considered to be 1 based on the leak 

volume and product hazard. 

• Receptors: The term receptors used to refer to any creature, land, area that is 

subjected to the pipeline rupture. Receptors is calculated and scored using the 

following formula: 

•  𝑅 (45 𝑝𝑡𝑠) = 𝑃𝑜𝑝 (10 𝑝𝑡𝑠) + 𝐸𝑛𝑣 (25) + 𝐻𝑉𝐴 (10 𝑝𝑡𝑠)                  (25) 

Where: Pop: Population density 

Env: Environmental considerations 

HVA: High value areas 

o Population Density: Population density can be assessed using any of the 

published population density scales such as the DOT Part 192 class 

locations 1, 2.3, and 4. 

o Environmental issues: to ensure that pipeline operation is compatible with 

environmental issues, environmental risks analysis shall begin with the 

understanding of the pertinent environmental issues and incorporating 

them with product hazards and spill behavior. 

o High value areas refer to the areas that is adjacent to the pipelines, 

Identification and scoring of HVAs can be done by identifying the 

conditions that are most important that exist and scoring according to the 

following the scale of (Table 7.21, Muhlbauer, 1996) 
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CHAPTER 4 

TECHNICAL FEASIBILITY OF THE POTENTIAL 

ALTERNATIVES 

To make the pipeline feasible for the increased flow rate, two bottlenecks were 

identified as limiting factors: the pipeline material grade and the pipeline's degraded state 

due to its long service life. The significance of these bottlenecks is recognized from both 

technical and an environmental perspective. Due to the high probability of rupture, the 

pipeline cannot be operated at rates greater than 700 m3/hour due to the low MAOP of Gr 

B and X48, which represent the majority of the pipes. The large number of metal loss 

features observed by many ILIs between 1982 and 2008, implying an increasing leak rate  

that causes significant economic and environmental damage. 

The decision maker has identified three possible scenarios that would serve the 

new operating conditions in response to the increase in flowrate through the line . The 

following chapter will determine the technical feasibility of each of the proposed 

alternatives in relation to the maximum allowable operating pressure MAOP. 

4.1. Construction a New Pipeline 

The first scenario implicated constructing a new pipeline between Banias and 

Homs. In such a case, Banias-Homs oil-products line will be out ordered. The route of 

the new line should go in parallel with the existing lines all the way from Banias to Homs. 

The new pipeline will be designed to operate at 1400 m3/h, and the proposed line material 

is API 5L X60. Multiple diameters for the prospective pipeline have been evaluated in 

terms of fluid velocity and the operating pressure that the pump must provide. According 

to the results of the evaluation which are presented in Table 8, the corresponding 
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operating attributes of pipes with diameters ranging from 24" to 30" fulfill the safe 

requirements of liquid transportation systems. The 18-inch pipe, on the other hand, was 

excluded because the fluid velocity and operating pressure exceeded the allowable limits 

(Carl, 1998). 

            Table 8. Flow characteristics of the related to multiple pipe diameters 1400 

m3/hour 

Diameter (Inch) Velocity (m/s) Pressure (Bar) Feasibility 

18 2.59 161 Not feasible 

24 1.42 69 Feasible 

26 1.2 61 Feasible 

28 1.03 55 Feasible 

30 0.89 52 Feasible 

 

Moreover, as shown in Figure 15, the Maximum Allowable Operating Pressure 

(MAOP) evaluation of the concerned pipes’ diameters, disclosed that the maximum 

MAOP of the potential 24-inch, 26-inch, 28-inch, and 30-inch pipelines are higher than 

the operating pressure induced by the flowrate of 1400 m3/hr. As it is shown, the 

calculated MAOP of the suggested diameters was 77 (Bar), 71(Bar), 66 (Bar), and 62 

(bar) versus a dynamic pressure of 69 (Bar), 60 (Bar), 55 (Bar), and 52 (Bar) respectively. 

As a result, constructing a new pipeline between Banias and Homs is a feasible solution 

for the purpose of oil products transportation at the concerning flow rate.   
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Figure 15. MAOP of 60% SMYS versus operating pressure at a flow rate of 1400 / hour, 
for pipe diameters X60, 24’’, 26’’, 28’’, and 30’’ 

4.2. Two Lines for Oil-Products Transportation 

Figure 16, shows the second plan, which involves building a new pipeline 

between Tartous and Homs (the black line), and connecting it to an existing Banias-

Tartous crude pipeline that was constructed in 1994 (the red line); the two lines will run 

parallel along the current Banias-Homs oil-products pipeline (the yellow line). According 

to this scenario, the flow will be split between the two pipelines, with material still being 

pushed via the current Banias-Homs oil products line and through the new second line at 

a rate of 700 m3/hr. for each. Moreover, according to Figure 17 the MAOP of both 

pipelines is more than the working pressure due to the pumping of 700 m3/hr. As it is 

shown in Figure 17, the nominal MAOP of the planned second line varies between 67 

(Bar) and 77 (Bar) respectively from Banias to Homs (the right figure), while it varies 

between 67 (Bar) and 62 (Bar) for the existing oil-products line (the left figure), making 

this alternative viable to satisfy the new operational requirements.  
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         Figure 16. The two lines those are projected to be utilized. 

 

 
Figure 17. MAOP of 60% SMYS versus operating pressure at a flow rate of 700 m3/ 

hour, for pipe diameters X60, 24’’, and X52, 24”, and GR B, 24” 

 

4.3. Intermediate Pump Station 

The third scenario recommended building an intermediate pump station  in a 

location where the working pressure is half the head pressure. According Figure 18, the 

location of the intermediate pump station corresponds to the point 507/14 – 40 Km to the 

north of Homs -. As seen in Figure 19, the installation of the intermediate pump station 
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will result in a significant reduction in operating pressure from 70 (Bar) to 40 (Bar), 

enabling the safe transit of oil-products through the Banias-Homs pipeline.   

 
Figure 18. The potential intermediate pump station at 517/14 

 
 

 
Figure 19. Operating local pressure through X52, 24” oil-products pipeline with and 
without intermediate pump station. 



70 
 

CHAPTER 5 
 

ECONOMIC FEASIBILITY STUDY 

 5.1 Cost Analysis 

From Table 9, It’s perceived that the tonnage of the pipelines associated with three 

scenarios increase as the pipe diameters increase. The detailed components cost for the 

potential scenarios are presented in Table 10, The cost of constructing a new line which 

corresponds to the first option is significantly higher than the cost of the seconds scenario 

mainly because it requires much more pipes for construction. The third way, which 

involves only installing an intermediate pump station, has the lowest capital cost when 

compared to the other options. The operational costs have increased substantially with 

pipe diameter, mostly because small pipes result in higher operating pressure and 

velocities, which require larger pumps. The operating cost considered a working period 

of 365 days, an operating staff of 20, and three shifts. As listed in Table 11, Flowing oil-

products through two lines results in the lowest operating cost, which are $1,900,000, 

compared to $2,168,000 using an intermediate pump station, and 4,000,000 for 

transmitting the whole quantity across one 24” pipeline. In contrast, maintenance costs 

have increased in direct proportion to the total annual cost. The maintenance cost of 116 

Km 24 in. pipeline was around $474,000 versus $277,000 for flowing through two lines 

and 50,000 to maintain the intermediate pump station. According to Table 12 installing a 

24" pipeline will cost much less overall than constructing 26", 28", and 30" lines, 

respectively. The two lines approach to transport oil products is 40 million dollars less 

than the first option, while the total cost of the third option is only 11 million dollars. 

Therefore, the third option, which keeps using the oil-products pipeline while installing 
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an intermediate pipeline station, seems like the most financially sensible choice in terms 

of total cost of ownership. 

Table 9. Estimation of the weight in ton of the potential lines 

Project Weight (Ton) 

24” Line 17,397 
 

26” Line 18,874 

 

28” Line 20,342 
 

30” Line 21,824 
 

2nd Scenario 11,998 

 

3rd Scenario / 

 

      

 

 

 

 

 



72 
 

 
 

Table 10. Estimate of capital cost of the potential projects 

Project Equipment 

Cost (a) 

Installation 

Cost (b) 

Valve 

Station 

(c) 

Electrical 

(d) 

Yard 

Improvements 

(e) 

R.O.W 

(f) 

Other 

Costs 

0.2* 

(a+..f) 

Contractor Fees 

0.1* (a+b+c+d+e+f) 

Contingencies 0.05 * 

(a+b+c+d+e+f) 

Total Capital 

Cost 

24” Line $30,874 
 

$15,437 
 

$9,262 
 

$3,550 
 

$6,174 
 

$1,160 
 

$13,29
2 
 

$5,316 
 

$5,316 
 

$90,385 

 

26” Line $32,478 
 

$16,239 
 

$9,743 
 

$3,735 
 

$6,495 
 

$1,160 
 

$13,97
0 
 

$5,588 
 

$5,588 
 

$95,000 

 

28” Line $34,305 
 

$17,152 
 

$10,291 
 

$3,945 
 

$6,861 
 

$1,160 
 

$14,74
3 

 

$5,897 
 

$5,897 
 

$100,000 

30” Line $36,288 
 

$18,144 
 

$10,886 
 

$4,173 
 

$7,257 
 

$1,160 
 

$15,58
2 
 

$6,232 
 

$6,232 
 

$105,000 

 

2nd 

Scenario 

$17,997 

 

$8,998 

 

$5,399 

 

$2,069 

 

$3,599 $800,0

00 
 

$7,772 

 

$3,109 

 

$3,886 

 

$53,632 

 

3rd 

Scenario 

$2,067 
 

$878 
 

$1,000 
 

$930 
 

$1,653 
 

- $1,658 
 

$442 
 

 

$276 
 

$8,906 
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Table 11.  Operation and maintenance costs regarding repurposing Banias-Homs oil-
products pipeline 

 

Table 12. Total cost estimation of the potential projects 

Project Capital Cost O & M Cost Total Cost 

24’’ Line $90,385,000 $4,914,000 
 

$95,299,000 

26” Line $95,000,000 
 

        $4,422,000 
 

$99,422,000 

28” Line $100,254,000 $4,133,000 
 

$104,388,000 

30” Line $105,958,000 

 

$3,958,000 

 

$109,917,000 

2nd Scenario $53,632,000 

 

$2,175,000 

 

$55,808,000 

3rd Scenario $8,906,000 
 

$2,218,000 
 

$11,125,000 

 

5.2 Discounted Cash Flow Analysis (CDCF) 

Figure 20 shows the cumulative discounted cash flow diagrams (CDCF) of the 

three potential alternatives at 10% discount rate. The payback period was after the fourth 

year for the option of constructing a new line giving a net present value of $1,560,000, 

while it was after the third year for the project that adopt pumping through two lines, 

Project Operation Cost Maintenance Cost O & M Cost 

24’’ Line $4,439,000 

 

$474,000 

 

$4,914,000 

 
26” Line $3,928,000 

 

$494,000 

 

        $4,422,000 

 

28” Line $3,614,000 
 

$519,000 
 

$4,133,000 
 

30” Line $3,411,000 
 

$546,000 
 

$3,958,000 
 

2nd Scenario $1,898,000 
 

$277,000 
 

$2,175,000 
 

3rd Scenario $2,168,000 
 

$50,000 
 

$2,218,000 
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giving a net present value of $2,300,000. The shortest payback period was for the third 

option which includes debottlenecking the pipeline, giving $18,000,000 after only one 

year. On the other hand, Figure 21 shows the NPV variation curves at different discount 

rates. At discount rate of 50%, The third and second options had positive NPV over the 

whole project duration, while the first option gave a negative NPV at 35% discount rate. 

 

Figure 20. Cumulative discounted cash-flow (CDCF) diagrams of the different options 
at discount rate of 10% 

 

 

Figure 21. Net present value (NPV) of the potential alternatives at different discount 
rates for the 20-year 
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Figure 21 shows the cumulative discounted cash flow variations at twenty years 

of pipeline operation as 1/1000 of annual leak rate, considering 40 days of off pumping 

for maintenance issues as a base case, a minimum flow rate of 20,000 bbl./day for 100 

effective working days of operation, and a maximum scenario of continuously pumping 

for 365 days without any leaks interruptions, including an annual inflation rate of 2.7% 

up to 20%. In addition to a probability of 50% percent increase in O&M cost.  

By modeling the outcomes of the above different cases using @risk, option 1 

marked the worst NPV with a 90% probability that it will range between -15 and 25 

million dollars, along with an IRR of 19% and ROI of 1.5% for this case, whereas the 

two lines approach varied between a maximum NPV of $93 million and a minimum of $-

8 million, obtaining an IRR of 33% and ROI of 22%. While there was a 90% probability 

that the NPV of the third scenario will vary between 108 million dollars and 66 million, 

along with an IRR of 122% and ROI of 73%. It is observed that for all cases, the IRR was 

higher than 10%, which is usually the discount rate used by companies for the evaluation 

of oil and gas projects; therefore, this project is feasible given the circumstances. 

It is concluded that, from a financial perspective, the first scenario, which 

comprise on investing a large capital cost for the construction of a new pipeline, entails 

high risks if revenues drop due to any abnormal circumstances. The other two scenarios 

appear to be less risky, even when flowrate variations reached less than 90% of the base 

case, where they remained profitable. However, the cumulative discounted cash flow of 

the third option is nearly 50% higher than that of the flowing in two-lines approach, 

making the third option the best option from an economic perspective. 
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Figure 22. Effect by variation in revenues, O&M cost +50%, and inflation rates on the 
NPV considering an operation period of 20 years. 

 
 To this end, it is obvious that, enhancing the flow using an intermediate pump 

station is more economically feasible than installing any new pipelines. It has also been 

observed that pipeline transportation projects have a high turnover, which may lessen the 

importance of the financial aspect in comparison to operational, environmental, 

constructional, and social aspects. However, in the case of the Banias-Homs oil-products 

pipeline, we can conclude from the technical feasibility analysis and after reviewing the 

scope of the pipeline: 

• From an operational standpoint, building an intermediate pipeline station 

leverages the other two scenarios because the induced operating pressure is 

significantly lower than both building a new pipeline and using two lines. 

• From a social and environmental standpoint, the third scenario is the best because, 

unlike the other two options, it does not necessitate owning new lands for the right 

of way, and the lower the pressure, the lower the leak consequences. 
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•  From a construction point of view, the project's critical need necessitates a 

completion period as short as possible, which corresponds to the construction of 

a pump station. 

However, pipeline operation folds many risks and hazards, which are not constant 

along each section. The next chapter will try to address the risks and hazards of 

Banias-Homs oi-products pipeline in order to raise the reliability class and adapt the 

line to transport 200,000 of oil-products barrel/day. 

  



CHAPTER 6 

CORROSION’S ROOT-CAUSE ANALYSIS OF BANIAS-

HOMS OIL-PRODUCTS 24-INCH DIAMETER PIPELINE 

 
6.1. Discovered Damage: by 2008 MFL Inspection 

The 2008 inline inspection identified a total of 276,912 metal loss measurements. 

Of these, 265604 were reported as internal corrosion and the remaining 11308 were 

classified as external corrosion features. The inspection also identified 1063 Dents, 112 

Metal Objects, 22 Eccentric Casings, 20 Weld Anomalies & 107 repair shells. 2008 

inspection results revealed that seamless pipes only make up 0.0004%  of the entire 

pipeline. Furthermore, the inspection had shown that 99% of the wall thicknesses is 9.52 

mm or 0.375 inch, the minimum reported wall thickness is 7.92 mm while the maximum 

thickness was 14.27 mm reported near Banias terminal within the boundaries of Banias 

city. Moreover, 2008’s inspection observed that 95.5% of the anomalies are internal, 

while 4.1% are external. 

    A total of 265,604 internal corrosion features have been detected in the pipeline. The 

deepest internal feature identified by the inspection report has a depth of 80% wt. and 

located in mile 552/12. The longest reported internal corrosion feature has a length of 

12,170 mm and located in mile 551/27, with a reported depth of 49% wt. 

On the other hand, A total of 11,308 external corrosion features have been detected in the 

pipeline. The deepest external corrosion features identified in the inspection report have 

a depth of 80% wall thickness and are located within the miles 528/3 and 504/13. The 

longest reported external corrosion feature has a length of 4270 mm and located at the 

mile 553/0 with a reported depth of 41% wt.  
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6.2. Metal Loss Features Quantitative Analysis 

      The depth of the anomalies was, on average, around 14.96% of the nominal wall 

thickness, the majority (90%) of the of anomalies’ depth concentrated between 10% and 

24% of the wall thickness, standard deviation is 4.9 which is another indication that the 

majority of data clustered around the mean. In a similar vein, anomalies’ length average 

was 19.49 mm with the majority of the data falling between 6 and 45 mm; and the 

standard deviation was 48.26. Regarding the third parameter, the width measurements 

distribution was slightly skewed to the right with a width average of 26.12 mm, and 90% 

of values fell within the 8 mm to 71 mm range. The highest reported value was 1,855 

mm, Figure 23 Draws out metal loss features distribution. It is perceived that, the three 

parameters have indicated a positive excess kurtosis or a leptokurtic distribution marking 

large outliers. Nonetheless, after removing the outliers, it was determined that outliers do 

not have a strong association, and because this affects the assumption, they will be 

retained within the scope of the study. All statistical values are included in Table 13.

 

 Figure 23. Distribution of metal loss features distribution observed by 2008's inspection 

  Furthermore, statistics reveals that there was weak correlation between the 

inspection's parameters in 2008, with the exception of a strong 0.5 correlation between 

length and width and a moderate 0.31 correlation between width and peak depth. The 
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remaining correlation values ranged from -0.35 to 0.19, correlation values of the metal 

loss parameters are drawn at Figure 24. 

    Furthermore, Figure 25 shows the circumferential position distribution where 

 10% of the damage had an hour position higher than 02:00 and 10:00, while 81 percent 

of the anomalies were located between 03:00 and 08:00, the mean value of the features' 

position is 05:00, that's because of the stagnant dispersed water and other slippery 

particles remained at the bottom of the pipes located in the low areas causing the pipe to 

be corroded. 

Table 13. Metal loss parameters statistics 

 Length (mm) Width (mm) Depth (%) 

Minimum 1 -1,277 2 

Maximum 12,270 1,855 80 

Mean 19.49 26.12 14.964 

Mode 6 8 10 

Median 15 16 14 

Std Dev 48.26 28.40 4.996 

Skewness 134.58 7.4841 1.8611 

kurtosis 29,799 225.6 10 

25% 9 16 11 

75% 21 24 17 
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      Figure 24. Correlation of metal loss features observed by 2008’s inspection. 

 
                   Figure 25. The circumferential position of the corrosion features. 

 

6.3. Metal loss Classification 

 

For reporting purposes, metal loss features have been divided into five separate 

classes because the MFL approach depends on the geometry of the metal loss anomalies. 

The MFL 2008 inspection identified five different types of anomalies, including general 
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(GENE), pitting (PITT), circumferential slotting (CISL), circumferential grooving 

(CIGR), and axial grooving (AXGR), based on an even distribution of length, width, and 

depth for each abnormality dimension. Figure 26 shows the classification of anomalous 

features based on their dimension. 

 

                     Figure 26. Metal loss features' classification per the 2008's inspection 

 
6.4. The Analysis Relating to Operation Condition 

6.4.1. Topography 

According to the 2008 MFL inspection, metal loss features’ frequency notably 

increased more towards the pumps (Banias) than the downstream sections (Homs), 

particularly within the segment between 534/24 and 554/10. Although there are no 

records of inspections prior to 2008, It was possible to get the conclusion that the 

corrodibility increases in such lower areas where pipeline is more exposed to corroding 

environment. By looking at the locations in where the new sections had been built from 

1984 and later, and by reviewing the maintenance record. Figure 27 mapping out 

frequency of the corrosion features in relation to the elevation profile of the pipeline, after 
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excluding miles built after 2000 (534/2 – 528/13, 217/24 – 513/9), a weak negative 

correlation of -0.22 was discovered between elevation and the density of metal loss 

features.   

 

                Figure 27. frequency of the pipe body corrosion features in respect to the 
elevation profile. 

 
6.4.2. Interrelation to local operating pressure 

As shown in Figure 28 the frequency of metal loss features increased notably 

among the miles with high operating pressure, 81% of the features detected between 

Tartous and Banias – (554/10) to (528/13), where the average of the operating pressure 

was around 50 (Bar), on the other side 8.5% of the identifications recognized between 

(528/13) and (513/9) with a recorded operating pressure of 41 (Bar). On the last part,  10% 

of the overall identifications were detected between the miles of (528/13) and Homs 

(489/13), the average of the operating pressure is 19 (Bar). It is well understood now that 

the frequency of metal loss features increases as per operating pressure increases, 

Furthermore, corrosion rates have increased in direct proportion to the date of installation,  
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Figure 28. Frequency of the pipe body corrosion features in respect to the operating  
pressure. 

 
 
6.4.3. Interrelation to metallurgy 

A shown in Figure 29, the frequency of the metal loss features was significantly 

higher as we get closer to the upstream in Banias where the line is made mainly of X52 

pipes installed in 1984, in addition to short sections installed in 1961 made of X48. The 

frequency of metal loss identifications along that section which corresponds to A on the 

Figure 29 was 7,039 per Kilometer, the average of corrosion depth as a proportion of the 

wall-thickness was 15% or 1.425 mm, and the corrosion rate was 0.06 (mm /year). The 

frequency of metal loss features in the miles constructed between 2000 and 2005 which 

corresponds to sections B and F on the Figure 29 varied between 87 and 93 per Kilometer 

with a corrosion rate of 0.26 and 0.11 (mm/year) respectively. The frequency of metal 

loss features among sections C, D and E which is made of multiple steel grades ranged 

between 766 and 1855 per Kilometer respectively to the grade, nevertheless, the average 
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of depth was around 15% of the nominal wall thickness. By looking at the last section of 

the line G which is made of Gr B and commissioned in 1961, it observed as a result of 

2008 inspection that the corrosion frequency is 766 per Kilometer with a depth average 

of 17% and corrosion rate 0.034 (mm/year). From the deterioration rates, it obvious that 

the X52 and X48 line pipe is more susceptible to corrosion than the Gr B line pipe over 

all sections. However, metal loss features parameters (length, width and depth) increased 

accordingly with date of pipe installation. In contrast the average of  depth growth rate 

increased respectively as for the line steel grade, that it is higher for X52 than Gr B. The 

results of the analyses are presented in Table 14. 

 

                        Figure 29. Frequency of pipe body corrosion features and corresponding 

pipeline steel grade 
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Table 14. Metal Loss Features Statistics in Relation to the Steel Grades 

 
6.4.4. Interrelation to the Fluid Chemical Properties 

All products transferred through the line shall be complied with the Syrian 

Specification No. 171/1984 (Viscosity), No. 174/1981 (Copper Plate test), No.175/1981 

(Flash point), and No.176/2000 (Pour point). However, an experimental analysis 

performed on the fuel samples by Namvaran, a leading Iranian engineering consulting 

firm, revealed that the sulfur content of the gasoil and gasoline - as shown in APPENDIX 

2 and, APPENDIX 3 is quite higher than the Standard specifications of ASTM D975 

(Diesel Fuel Specification Test) and ASTM D4814 (Standard Specification for 

Automotive Spark-Ignition Engine Fuel). 

      Furthermore, Following the 2008 MFL inspection, more experiments performed by 

the Egyptian Petroleum Research Institute, the experiments included an experimental 

TDS (total dissolved solids) and TSS (total suspended solids) analysis, as well as standard 

analysis on two samples of water and gasoil (Diesel) for sulfur and water content 

 Steel 

Grade 

Section location Date of 

Installation 

Frequency of 

metal loss 

features (per 

Km) 

Mean of 

length 

(mm) 

Mean of 

Width 

(mm) 

Mean of 

Depth 

(%) 

 Mean of 

Corrosion 

rate 

(mm/year) 

 

X52 - 

X48 

A 554/15 - 

534-2 

1984 

7039.469 18.47278 25.305 15.1919 

0.06  

X52 

B 543/2 - 

528/13 

2005 

93.8 10.20496 21.46919 8.412165 

-  

Gr B 
C 528/13 – 

517/24 
1961 

1855 18.09716 25.79882 14.74688 
0.0297  

X52 
D 527/20 -

526/4 
1984 

1906 18.37052 27.40117 14.75371 
0.058  

Gr B 
E 526/4 - 

517/24 
1961 

881 16.78973 25.97472 15.68084 
0.031  

X52 
F 517/24 - 

513/9 
2000 

87.625 10.80443 21.64593 10.33011 
-  

Gr B 
G 513/9 - 

483/13 
1961 

766.0417 21.80069 30.08708 17.27439 
0.034  
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determination, experimental samples taken from leftover water of the refining process 

and water carried by tankers. 

 The standard analysis included the following experiments:  

• Conductivity and resistivity of water were determined using digital Conductivity 

meter WTW 3301 according to ASTM 1125. 

• Density and specific gravity were determined experimentally according to ASTM 

D 1429.  

• pH was determined experimentally according to ASTM D 1293. 

• Salinity value was calculated upon chloride content value.  

Analysis Results are presented in Table 15, Table 16 and Table 17 

Table 15. Sulfur content of Diesel samples 

Test Method Diesel 1 Diesel 2 

Total Sulfur, wt% ASTM-D-4294 0.26 0.33 

Water content, ppm ASTM-D-1744 56.7 81.3 

 

Table 16. Standard analysis for water samples 

Total Dissolved 

Solids 

5587.8 mg/l pH 8.023 @ 25 °C 

Conductivity 1.119 * 10-2 °C Density 1.00938 g/ml @ 60 

F 

Resistivity 0.89366 ohm-m @ 

23.9 °C 

Specific gravity 1.011039 

Salinity 4524.3 mg/l Hardness 1451.73 mg/l 

Total Suspended 

Solids 

582   

mailto:ohm-m@23.9
mailto:ohm-m@23.9
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Table 17.Standard analysis for water samples, part 2 

Constituents mg/L meq/L Constituents mg/L meq/L 

Lithium 0.03 0.005 Fluoride 3.7 0.195 

Sodium 1329.0 57.812 Chloride 2742 77.352 

Potassium 72.2 1.846 Bromide 11.5 0.144 

Magnesium 242.2 19.929 Hydroxide Nil Nil 

Calcium 182.0 9.082 Carbonate Nil Nil 

Iron 136.1 7.241 Bicarbonate 488 8.0 

 Sulfate 515.1 10.724 

 

 
6.5. Conclusion and Discussion 

     It can be challenging to research and identify a clear cause for the corrosion source in 

such a complicated setting where pipeline is utilized for multi-product batching and had 

previously been used to transport crude oil. From the Chemical analysis, it is  found that 

fluid contains sulfur, organic acids, and inorganic acids, in addition to the Sulfur 

compounds that have the most corrosive effects. Despite the low proportion of water in 

the fuel samples (56.7 ÷ 80.1), water has a considerable impact on corro sion rates, 

particularly when sulfur compounds are present. The corrosion defects discovered by 

2008 ILI, had classified into many types (pits, general, axial cracks, and circumferential 

cracks), therefore a reasonable corrosion mechanism for the pipeline is:   

 Hydrogen sulfide corrosion 

 Microbiologically induced corrosion MIC 

 Stress cracking corrosion  

                 For carbon steel and low alloy steel, the presence of sulphate (SO4 -2) is 

considered an aggressive corrosive factor, such sulfide corrosion which is very similar to 
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hydrogen sulfide corrosion, an ineffective (weak) layer made of FeO oxides will act as a 

protective film due to the high absorption effect of sulphate ions on the inner surface of 

the pipe. This layer will prevent the surface f rom developing localized corrosion, the issue 

starts to arise as soon as the passive film is locally destroyed and its continuity is broken 

by the presence of corrosive chloride (Cl-) ions, which causes active-passive galvanic 

cells to form and corrosion pits to form. In these galvanic cells, the part that lacks the 

passive film serves as the anode, where the metal is oxidized, while the passivated metal 

area performs its intended purpose. Furthermore, the presence of potassium, magnesium, 

fluoride, sodium, lithium, bicarbonate, and iron ions allows to produce many corrosion 

products such as FeO, FeS, and MnS, as well as the formation of inorganic salts such as 

MgCl2, CaCl2, and NaCl that can be hydrogenated in the presence of water.  

 MgCl2 +  H2O →  2HCl +  MgO                                        ( 16 )  

Fe +  2HCl →  FeCl2  +  H2                                      (27)                                                                       

FeCl2 +  H2S →  2HCl + FeS                                               (28) 

The type of protective film that is formed on the surface of the metal or alloy, the 

presence of polar solvents (especially water) in the metal's environment (fuel), the 

presence of electrolytes (salts, acids, and bases), as well as temperature, all affect how 

quickly such electrochemical corrosion occurs. Corrosion resistance for a particular 

material is influenced by its composition, structure, and external p ressures. The 

electrochemical potential of a metal is significant as well. 

      Since the flow velocity of a certain fluid is a critical factor that influence 

Microbiological corrosion, the sections that witnessed the harshest corrosion rates were 

located where the pipe is fully filled and the mean flow  velocity is 0.7 m/s, which 
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constitutes a typical speed to develop such corrosion, while it less likely in sections where 

fluid fell by gravity in which the pipe is partially packed, which was the dominant 

scenario when the pipeline had been used for light crude transportation between 1961- 

1982. In a similar vein, sludge and other deposits associated with the light crude oil 

operating period or those that have formed in the fuel during storage will undoubtedly 

promote such kind of MIC corrosion. 

      Cracks account for nearly a quarter of all identified anomalies. The fluctuating in 

temperature of soil between cold and hot seasons which make the buried pipeline expand 

and contract, in addition to the operating pressure exerted on the pipeline which varied 

between 51 Bar (5,100,000 Pa) and 1 Bar (100,000 Pa) adding to it the technical state of 

the pipeline material which in most parts been in service for almost 50 years, and the 

corrosiveness of the carried fluid all those reasons create a typical environment for cracks 

propagation.  

To sum up, because oil-products are extremely complex mixtures and corrosion 

is a complicated process, there is no specific reason that stands primarily behind the 

corrosion mechanism in Banias-Homs' oil-products pipeline. The varying conditions of 

the fluid of gasoil and gasoline, which in some cases is home-refined while in others is 

externally imported, as well as the harsh flow factors associated with the transportation 

process, such as high operating pressure, relatively large roughness of the pipe surface, 

topology profile fluctuations, and finally the corrosion susceptibility of the pipeline 

grades, all contribute to the degradation of pipeline quality.  Figure 30 Illustrates the 

operational root causes those led to the degradation of Banias-Hom’s oil-products 

pipeline. 
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                   Figure 30. Corrosion root causes in Banias-Homs oil-products line 
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CHAPTER 7 

 

INTEGRITY STUDY OF BANIAS-HOMS 24-INCH OIL-

PRODUCTS PIPELINE 

 
7.1. Axial Dimensions: 

The assessment of the Internal corrosion features in relation to their axial 

dimensions is shown in Figure 31, the integrity assessment has implemented according 

to the B31.G and Modified B 31 G in relation to an Assessment Pressure of 52 (Bar) at 

design factor of 69% SMYS. In this figure the reported features have been plotted in 

relation to their corresponding min. nominal wall thickness (min. nominal wall 

thickness of 9.52 mm). As illustrated in Figure 31;  Modified B31 G is less conservative 

than B 31 G that it allows corroded defects that are 20% or less of the wall thickness to 

remain in service regardless of the length reported. However, both criterions do not 

permit the remaining wall thickness not less than 80%. It is perceived that; the 

maximum allowable length is 500 (mm) and 800 (mm) according to B31 G and 

Modified B31 G respectively. Therefore, any corrosion feature lengths beyond those 

values must be replaced because it is not tolerable for operation at 52 (Bar).

  

Figure 31. Significance of the external corrosion features according to axial dimensions 
(Min. nominal wall thickness=9.52mm) (ASME B31 G & Modified ASME B31.G). 
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7.2. Circumferential Dimensions 

The corrosion even External & Internal features were also assessed in relation to 

their circumferential dimensions according to Kastner approach as shown in Figure 32 

below, at the assessment pressure of 52 bar and a pressure equivalent to 52 bar x 1.39 

safety factor in relation to a minimum nominal wall thickness of 9.52 mm.  It is concluded, 

according to Kastner, only few corrosion features are not tolerable for the operation at 52 

bars at the time of the 2008 inspection.  

 

 

Figure 32. Significance of the internal Corrosion features according to circumferential 
dimensions (Min. nominal wall thickness=9.52 mm) (Kastner). 

Figure 33 illustrates the frequency of the non-tolerable features according to 

ASME B31 G. It is found 2302 of features that considered to be non-tolerable, around 

50% of which are based in the first 11 Kilometers, in which 47% of the overall corrosion 

features are observed, implicating a strong correlation between the total number of 

corrosion features and the non-tolerable features. An average of 9 non-tolerable 

measurements are observed along the rest Kilos. However, few exceptions observed 
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within the Kilometers 14, 15, 16, in which pipeline is made of X48 pipes installed in 

1961, and at the 83rd kilometer where the pipeline extends through many of circular and 

trapezoidal water sluices.  

 

 

Figure 33. Non-tolerable features according to ASME B31 G, 2008 ILI 

 
7.3. Estimation of Future Corrosion Growth Rate 

The most accurate method for determining corrosion growth rates is to compare 

two sets of in-line inspection data. When only one set of in-line inspection data is 

available an estimate of corrosion growth rates can be determined by assuming that the 

deepest feature reported in the inspection has grown over a particular period of the life of 

the pipeline. 

7.3.1. Internal Corrosion 

Internal corrosion growth rates are typically estimated using a full-life approach. 

This approach conservatively assumes that the internal corrosion is ‘active’ and has 

grown linearly since pipeline commissioning. The internal corrosion growth rate is 

estimated using the following formula: 
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 Full − Life Growth Rate =  
𝑃𝐷∗𝑊𝑇

(𝐼𝑛𝑠𝑝𝑒𝑐𝑡𝑖𝑜𝑛 𝑑𝑎𝑡𝑒−𝐶𝑜𝑜𝑚𝑑𝑎𝑡𝑒)
                           (29) 

Where: 

PD = Peak Depth (%wt) 

WT = Wall thickness (mm) 

InspDate = Inspection Date of the Pipeline 

CommDate = Commissioning Date of the Pipeline 

Since The maximum full-life internal corrosion is associated with feature with a depth of 

80% wt. The maximum full-life internal corrosion growth rate is 0.16 mm/year.  

7.3.2. External Corrosion 

Unlike internal corrosion, which occurs in a closed system, the rate of external 

corrosion reaction is influenced by several factors including water content of the soil, the 

soluble salts present, the pH of the environment and the degree of oxygenation. Therefore, 

prediction of external rates is more complex and there is no direct method for estimating 

external corrosion growth based on empirical equations. The most accurate method to 

determine corrosion growth rates for all features in a pipeline is to use the results of repeat 

inspections.  

In the absence of any other data, NACE recommend a conservative growth rate 

of 0.4 mm/year. This rate represents the upper 80% confidence level from long term 

underground corrosion tests of  unprotected steels in a variety of soils. 

 Growth rates for external corrosion can also be estimated by assuming that the 

external corrosion features have been active for a given proportion of the pipeline’s life 

typically calculated on the basis of a half-life. This is because external corrosion is more 

likely to be ‘time dependent’. This approach assumes that general deterioration / 

degradation of the pipeline coating or the Cathodic Protection (CP) system has occurred 
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over time. Depending upon the age of the pipeline this approach can be in  some cases 

considered to be very conservative. To assume the current external corrosion has grown  

over the full life of the pipeline would risk the adoption of a non-conservative corrosion 

growth rate.  

However, taking into consideration the pattern of corrosion observed in the line, 

the approximate age (48 years at the time of 2008 inspection), the material of the pipe 

and in the absence of any other additional data, a corrosion growth rate based on half-life 

calculations is considered to be an appropriate representation of the external growth rate 

in this pipeline rather than a full-life approximation. This is estimated by using the 

following formula:  

Full − Life Growth Rate =  
𝑃𝐷∗𝑊𝑇

(𝐼𝑛𝑠𝑝𝑒𝑐𝑡𝑖𝑜𝑛 𝑑𝑎𝑡𝑒−𝐶𝑜𝑜𝑚𝑑𝑎𝑡𝑒)
                           (29)  

The maximum half-life external corrosion growth rate is 0.32 mm/year. The maximum 

half-life external corrosion is associated with feature with a depth of 80% wt. 
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CHAPTER 8 

RISK ASSESSMENT 

 
8.1. Pipeline Segmentation 

 Since the considered pipeline extends for 116 Km, it is prone to different operation 

conditions along the route. So, the risk profile differs according to many factors, those 

factors include geography, operating pressure, population density, pipeline materials etc. 

Therefore, to ensure an accurate pipeline risk assessment, pipeline segmentation is a  must.  

Table 18 shows Banias-Homs oil-products pipeline segmentation utilizing Dynamic 

segmentation approach (Muhlbauer, 1996). Consequently, RIPS approach is 

implemented taking in consideration the extreme operating conditions at flow rate of 1400 

m3/hr. with an intermediate pump station. 

Table 18. Pipeline segmentation into sections 
Section Initial 

Km 

Final 

Km 

Length 

(Km) 

Pipe 

Grade 

Elevation 

above Sea 

Level (m) 

Location 

Class 

Notes 

A 0 7 7 X52 18 ÷ 39.3 4 Banias residential 

areas 

B 7 23 16 X52 39.3 ÷ 3.35 3 rural areas 

C 23 27 4 X52 3.35 ÷5.48 3 Tourist chalets and 
beaches 

D 27 33 6 X48 5.48 ÷ 17.3 2 Highway, industrial 

complex facility 

E 33 42 9 X52 24.3 ÷ 23.7  3 Industrial area 

F 42 59 17 Gr B 23.7 ÷ 150 2 rural areas 

G 59 69 10 X52 150 ÷ 170 2 Water resources, 

rivers, and lakes 

H 69 76 7 Gr B 170 ÷ 247 2 rural areas 

I 78 80 2 Gr B 247 ÷ 296 3 Intermediate Pump 
Station 

J 80 97 17 Gr B 296 ÷ 480 1 rural areas 

K 97 98 1 Gr B 480 ÷ 506 3 Valves station 

L 98 116 18 Gr B 491 ÷ 554 1 Rural areas 
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8.2. Risk Indexes Assessment 

In this study, risk potential is evaluated using four risk indices: Third-party 

damage, corrosion, design, and incorrect operation. Calculation of each risk index is 

performed by weighting the various index components.  Each variable's weight is 

determined by how much it might affect the likelihood of pipeline failure, the selection 

criteria for the variables were determined by questioning SCOT staff about the most 

significant elements that sounded hazardous. The variable with the lowest score carries 

the most risk (Muhlbauer, 1996).  

8.2.1. Third- Party Damage index 

 This index considers items associated directly with pipeline failure due to third 

party intrusion, such items include nearby excavations, construction activity, and farming 

activity (Muhlbauer, 1996).  

Table 19 recapitulates the third-part damage index for all pipeline sections. From 

the calculations, it is found that, third-party damage index has varied between 45 (for 

section E) and 100 for sections (J and L), with an average of 90. The high value of this 

index indicates mainly to the effective of patrol frequency and strict ROW. 
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Table 19. Recap of the third-party damage index 

In
d

ex
 

In
d

ex
 w

ei
g
h

t 

S
co

re
 M

a
x

 

S
ec

t

io
n

 

A
v
er

a
g
e 

S
co

re
 

A
 

B
 

C
 

D
 

E
 

F
 

G
 

H
 

I J
 

K
 

L
 

M
in

im
u
m

-m
 d

ep
th

 

co
v
er

 

 2
0
%

 

 2
0

 

2
0

 

2
0

 

1
5

 

2
0

 

2
0

 

2
0

 

1
5

 

2
0

 

1
5

 

2
0

 

2
0

 

2
0

 

1
8
.7

5
 

A
ct

iv
it

y
 

L
ev

el
 

2
5

%
 

 2
5

 

 0
 

1
5

 

1
5

 

2
0

 

0
 

1
5

 

2
0

 

2
0

 

1
5

 

2
5

 

2
0

 

2
5

 

1
5
.8

 

ab
o
v
e 

g
ro

u
n
d
 

fa
ci

li
ti

es
 

 1
0
%

 

 1
0

 

 0
 

5
 

0
 

1
0

 

0
 

5
 

1
0

 

1
0

 

5
 

1
0

 

1
0

 

1
0

 

7
 

R
O

W
 

co
n

d
it

io
n

s 

5
%

 

5
 

5
 

5
 

5
 

5
 

5
 

5
 

5
 

5
 

5
 

5
 

5
 

5
 

5
 

D
am

ag
e 

p
re

v
en

ti
o

n
 

2
0

%
 

2
0

 

2
0

 

2
0

 

2
0

 

2
0

 

1
0

 

2
0

 

2
0

 

2
0

 

2
0

 

2
0

 

2
0

 

2
0

 

1
9

 

P
at

ro
l 

fr
eq

u
en

cy
 

 2
0

%
 

 2
0

 

2
0

 

2
0

 

2
0

 

2
0

 

1
0

 

1
0

 

1
0

 

1
0

 

2
0

 

2
0

 

2
0

 

2
0

 

1
6

.6
 

T
o

ta
l 

T
h

ir
d

-

P
ar

ty
 

In
d

ex
 

1
0

0
%

 

1
0

0
 

6
5

 

8
5

 

7
5

 

9
5

 

4
5

 

7
5

 

8
0

 

8
5

 

8
0

 

1
0

0
 

9
5

 

1
0

0
 

8
1

.6
 

 
 
8.2.2. Corrosion Index 

 Indicates risks pertained with pipeline failure because of corrosion activity, those 

risks include internal corrosion, atmospheric corrosion, and buried-metal corrosion. This 

index may consider also: product corrosivity, corrosion inhibitors, painting, and coating 

in addition to the cathodic protection. Corrosion index associated with the context of this 
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study has determined only four factors that had direct influence on pipeline service, 

including: internal corrosion, external corrosion, coating efficiency, and cathodic 

protection efficiency.  

Table 20 shows the carried-out corrosion index, in which the average score of the 

corrosion index is 52, it is found that most risk comes from internal corrosion.  

Table 20. Recap of the corrosion index 
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8.2.3. Design Index 

Design index assesses the factors that are inherent in pipeline design including 

wall thickness, SMYS, fatigue loading, surge loading, and vibrations.  Design index 

calculation is shown in Table 21, where the average score of the design index is 73.5, the 
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biggest variable that reduces the score of design index is the potential of hydraulic 

hammer due to the sudden closure of a terminal valve in Banias (corresponding to 68) 

and stresses induced by the vibration of rotating equipment in the prospected intermediate 

pump station or at Banias terminal  (corresponding to 5.8). 

 
Table 21.  Recap of the design index 
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8.2.4. Incorrect Operation Index 

 This Index looks at human errors potential to cause pipeline damage, it tries to 

quantify errors that could be made by designers, and operators of the pipeline throughout 
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construction, operation and maintenance phase. The incorrect operation index score 

pertained with this study is illustrated in  

Table 22, the calculated average of incorrect operation index is 42.5, where the biggest 

variable that increase risk possibility is associated with inspection errors such as welding 

inspection and coating inspection which could lead to harmful integrity failures in the 

long term. The second important variable that considered risky is that pipeline is not 

equipped with SCADA system that used to monitor flowrate and pressure from a remote 

centralized control room. 

Table 22. Recap of the incorrect operation index 

Index 
Index 

weight 

Score 

Max 

Section 
Average 

Score 

A B C D E F G H I J K L 

SCADA 10% 10 0 0 0 0 0 0 0 0 0 0 0 0 0 

Fail of 

safety 

systems 

30% 30 10 10 10 10 20 20 10 20 20 10 20 30 15.8 

Job 

procedure 

30% 30 30 30 30 30 30 30 30 30 30 30 30 30 30 

mis 

inspection 

30% 30 0 0 0 0 0 0 0 0 0 0 0 0 0 

Total 

incorrect 

operations 
index 

100% 100 40 40 40 40 50 50 40 50 50 40 50 60 42.5 
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8.2.5. Index Sum 

 The total points from the four indices are calculated once the entire number of 

points has been determined by the four indices. In this scoring system, the number of 

scores directly relates to the degree of safety, meaning that as the score rises, the degree 

of safety rises as well. According to the findings of calculations, the average total index 

values is 253, the smallest total index value is 177 corresponding to section E, and the 

largest total index value is 312 which corresponds to section L. Furthermore, the 

smallest average index value was founded in the corrosion index of 52 and incorrect 

operation index of 47.5 respectively, which implies that to increase the level of safety, 

more management will be required in these two indices. The results of index sum are 

shown in Table 23. 

 

Table 23. Recap of index sum 
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8.2.6. Leak Impact Factor (LIF) 

 Leak Impact factor is an expression of the consequences of failure, the higher 

score of LIF is the higher, shows the higher failure consequences and risk that may be 

accepted. The calculation of LIF variables have been done based on operating parameters, 

service historical records, and analysis of pipeline sections environmental issues in 

accordance with US DOT regulations. The obtained results (presented in Table 24) show 

that, the average score of the LIF is 21, where the greatest variable that reduce the score 

is product hazard variable (10) and the receptors variable (8). 

Table 24. Recap of the leak impact factor of the working fluid (Gasoline) 
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8.2.7 Relative Risk Scores  

 Relative risk index is created by dividing total risk index by Leak Impact Factor 

LIF. Relative risk score shows the risk associated with Banias-Homs operating on 1400 

m3/hr., with the section with the lowest rips value being the highest risk section . Table 

25 shows the values for the overall risk index. Based on these values, the sections A, C, 

and E tend to be the most hazardous and require the most improvement to the pipeline's 

safety. 

Table 25. Recap of the relative risk score 

 
 

 
 
 
 

 
 
 
 

 
 
 
 

 
 
 

 

Figure 34 shows a graph of the risk index values (RIPS) for the Banias-Homs oil pipeline; 

this picture enables the pipeline operator to look at the areas with the greatest danger. The 

risk along the route is higher the lower the RIPS figure. 
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Figure 34. RIPS analysis of Banias-Homs oil-products pipeline 

 
8.2.8. Probability of Failure Score 

 The total index value can be transformed using probability theory into the form of 

failure probability. The bigger the index value, the greater the level of safety and the lesser 

is riskier, assuming that each index represents a survival probability. (Muhlbauer, 1996) 

illustrates the probability of failure as following:  

𝑃𝑟𝑜𝑏𝑎𝑏𝑖𝑙𝑖𝑡𝑦 𝑜𝑓 𝐹𝑎𝑖𝑙𝑢𝑟𝑒 = 1 −  (
𝑇𝑃𝐷

100
∗

𝐶

100
∗

𝐷

100
∗

𝐼𝑂

100
)             (31)       

 Where:  

  TPD: Third-Party damage index 

  C: Corrosion index 

  D: Design index 

  IO: Incorrect operation index 

   The probability of failure is created by deducting 1 from the multiplication of 

survival probability. When applying the calculation results of all existing index values, 
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the results of the calculation of the average probability of failure of the complete pipeline 

is 85%. Probability of failure per section is listed in Table 26.  

According to Table 26, the average relative risk score value for the whole pipeline 

is 24.6; as a result, the sections with the highest risk of failure are A, B, C, D, E, G, and 

I, all of which have relative scores that are below the average. This can be due to the fact 

that such sections of A, B, C, D, and E are situated either close to densely populated a reas, 

where there is a higher risk of fatigue, or in areas with high operating pressure, which has 

a dramatic impact on the incorrect operation index. Sections A, C, and E are examples of 

the latter. In addition to the role played by corrosion, especially in segments A, B, C, and 

D which are severely corroded according to the 2008 ILI, which decrease the safe MAOP 

of the pipe. Moreover, in sections A and I, the existing of rotating equipment such as main 

and booster increased the potential of these sections to fail due to incorrect operation. The 

high-risk index of section G is a result of its location near water bodies (rivers and lakes). 
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Table 26. Recap of the probability of failure & risk index scores 
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8.3. Risk Mitigation  

 Based on the Relative risk score, it is founded that sections A, B, C, D, E, and G 

were the most sections prone to fail. With a relative score below the average. Mitigations 

actions shall be given the priority among these sections to maintain the highest level of 

reliability. From the RIPS analysis, and by looking at the index sum value, it is perceived 

that, the corrosion index, and the incorrect operation index are the factors with the lowest 

score which increase the potential of pipe failure. Therefore, to enhance the integrity of 

oil-products transportation through Banias-Homs pipeline, risk mitigation measures must 

be performed on all pipeline sections in order to reduce the frequency of failure, such 

actions must focus on the risk aspects pertained mainly with corrosion, and incorrect 

operation. 

 Since the pipeline is the only oil-products transportation facility, and the flow 

cannot be considered to be interrupted, the option of cutting-out the pipes with non-

tolerable corrosion features will be eliminated, thus the mitigations measures shall 

include: 

• Implement the installation of type B welded sleeves on the pipes reported with 

unacceptable corrosion features, the thickness of the sleeves must determine the 

MAOP, and the installation of the sleeves shall assure that in-service welding 

parameters are comply with the guidelines of the welding onto live pipelines listed 

in ASME IX, API 1104, and AP I1107 

• Utilize composite sleeves including Epoxy Sleeve Repair (ESR), and CLOCK-

SPRING sleeves on the reported non-tolerable points, this approach is 

recommended to be applied where the operating conditions are not compatible 

with the welding of steel sleeves 
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It is important to note that, the selection of the most suitable repairing method is 

based mainly on the maximum allowable operating pressure (MAOP) of a pipeline 

while welding on the surface, which is given as following: 

𝑃𝑚𝑎𝑥 =  
2𝑆𝑡(0.35)

𝑂.𝐷
                       (32) 

Where:  

 S: Specified Minimum yield strength (psi) 

 t: Nominal wall thickness (in.) 

 O.D: outer diameter (in.) 

 Table 27 points out the repairing method which shall be applied onto Banias-

Homs oil-products pipeline based on the reduced operating pressure. 

Table 27. Repairing method based on the maximum allowable operating pressure of a 

pipeline at welding, t=   0.375 (in.) 

Pipe Steel Grade Pmax (Bar) 

API 5L X48 36 

API 5L X52 39 

API 5L GrB 26.5 

• If the operating Pressure is > MAO welding, then repair with epoxy sleeves 

• If the Operating Pressure is < MAO welding, then repair with steel sleeves 

 

• Perform an inline inspection on regular intervals, at least once every ten years 

• Consider setting up a plan for replacing the API 5L X 48 line-pipes in sections A. 

B, C, D gradually. With API 5L X60 
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Simultaneously with the mitigating of the corrosion risk, the failure potential due to 

in correct operation must be eliminated through: 

• Provide the line with a SCADA system 

• Install swing check (non-return) valves in the sections located after the 

intermediate pump station (K & L), the valves shall be piggable, with a full-bore 

swing. In addition to the installation of relief valves system at section A to reduce 

the impact of any sudden stop of the pump 

• Evaluate the performance of the cathodic protection system on regular basis 

• Conduct a regular pig cleaning to hinder the potential growth of any 

microorganisms, and to keep the pipeline clean of deposits and debris. 

Following the implementation of the aforementioned risk mitigations as recommended 

by the risk assessment, the potential for failure is perceived to have decreased by 30%, 

resulting in a probability of failure below the average for all pipeline sections. However, 

the risk value of sections A, B, C, D, E, and I remained below the average because they 

have a high leak impact factor due to their locations near water resources or in densely 

populated areas, with the exception of section G, which has exceeded the average risk 

index value of 25.8. The results are presented in Table 28. 
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Table 28. Recap of the probability of failure & risk index scores following to risk 
mitigations 
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CHAPTER 9 

CONCLUSIONS 

The following conclusions can be drawn about this study's findings based on the 

analysis and discussion that has been done: 

• The root-cause analysis of the corrosion through the Banias-Homs pipeline 

disclosed a relationship between pressure, topography, and steel grade, three 

factors that play an important role in pipeline deterioration. the integrity 

assessment revealed of 2302 non-tolerable corrosion features, more than 50% of 

which located in sections A and B. However, the integrity assessment for Banias-

Homs pipeline has shown that the pipeline is fit for-purpose to function at the new 

operating conditions. 

• An installation of the intermediate pump station along with the risk mitigations, 

have effectively hindered the constraint of the pipe material. The achieved 

reduction in the operating pressure is around 30% of the MAOP which ensured 

the maximum level of reliability to transport 200,000 barrel/day of oil-products. 

• In the assessment of the risk frequency based on the index sum, the obtained 

average of the probability of failure is 84%, the corrosion index and the incorrect 

operation index were associated with highest average probability of failure with 

values 52, and 42 respectively. 

•  Section A, which runs between (1 and 7) kilometers within Banias city, has the 

highest leak factor when determining the consequences of failure based on the 

leak impact factor. 
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• The saving from installing an intermediate pump station varied between 80% and 

90% in terms of the total cost and up to 50% of the annual O & M cost when 

compared to the other scenarios. 

• To ensure the pipeline's immediate and future integrity, it is recommended that 

SCOT:      

o Conduct additional product property testing to confirm the internal 

corrosion causes, and then implement an appropriate Corrosion 

Management System. 

o Initiate a long-term repair project to replace all the pipes installed in 1961, 

which are mostly made of X48 and Gr B pipe. The feasible repair plan is 

to replace 5 km every year for the next twenty years. 

o The maintenance plan shall conduct the appropriate repairs of the 

corrosion features prior to their calculated growth rates as detailed in 

chapter 7. 
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APPENDIX 1 

 

 
           Figure 35. An approval from SCOT to use the ILI data of Banias-Homs oil-
products pipeline 
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APPENDIX 2 

 
Specification Of Gasoil 

Properties Requirements Test Method 

Specific Gravity 

(60 F or 15.5 C) 

0.820 – 0.860 ASTM-D-1298/1990 

Flash Point 55 °C in winter 

60 °C in Summer 

Syrian Specification No. 175/1981 

Viscosity at 37.8 °C (100 

°F)  

2.5 - 4.5 cst ASTM-D-445/88 

Total Sulfur (%wt) 0.7 Max ASTM-D-1266/87 

Ethylene Point (C min)  65 ASTM-D-61182/87 

Diesel index 53 -56 IP 21 / 81 

Pour Point -4 °C in Summer 

-10 °C in winter 

 

Syrian Specification No. 176/2000 

Ash percentage (%wt) 0.01 Max ASTM-D-482/87 

Copper Plate test at 50 °C 

within 3 hours 

Number 3 Syrian Specification No. 174/1981 

Water and Sediments (%wt) 0.05 Max ASTM-D-2709/88 

Acids and Alkalis Nil ASTM-D-664/89 

Carbon sediment (%wt) 0.1 Max ASTM-D-169/86 

Filter block point CFPP -2 °C in Summer 
-5 °C in winter 

 
IP 309 

Distillation: 

- IBP 

- 50% 

- 90% 
- FBP 

 

 

178 °C 

290 °C 

         360 °C 
         380 °C 

 

 

ASTM-D-86/90 

Note: Max. summer point is -4 °C (from 1 May to 3 September) 

          Max. winter pour point is -10 °C (from 1 October to 30 April) 
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APPENDIX 3 

 

 

 
 
 
 

Specification Of Gasoline 

Properties Requirements Test Method 

Specific Gravity 

(60 F or 15.5 C) 

0.70 – 0.775 ASTM-D-1298/1990 

Color Yellowish To be tested by unaided eye 

Lead Content g/l 0.0.1 Max ASTM-D-3237/90 

Total Sulfur (%wt) 0.15  

Octane Number 90 Min ASTM-D-2699/92 

Vapor Pressure kg/cm2 (Reid 

method) 

0.7 Max Syrian Specification No.2062 for the year 1999 

Viscosity at 37.8 °C (100°F) 0.5 cst  

Total Sulfur (% wight) 0.10 Max ASTM-D-1266/91 

Gum Percentage mg/100ml 0.4 Max Syrian Specification No. 2708 for the year 1999 

Oxidation Resistance 

Capacity 

420 Max ASTM-D-525/88 

Copper Plate test at 50 °C 

within 3 hours 

1 Max Syrian Specification No.174 for the year 1981 

Water and deposits Nil ASTM-D-86/1995 

Distillation: 

- IBP 

- 10% 

- 55.5% 

- 90% 
- FBP 

- Remaining %V 

- Recovered %V 

 

52 °C 

70 °C 

       130 °C 

       180 °C 

       200 °C 

       1.5 

       1.5 

ASTM-D-86/1995 
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