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ABSTRACT
OF THE THESIS OF

Abdallah Emad Ghreizy for Master of Engineering
Major: Mechanical Engineering

Title: Experimental Investigation on the Influence of Operation and Formation
Parameters on Fracturing Fluid Flowback

Advancements in hydraulic fracturing stimulation, and lateral drilling lead to a
commercial-scale exploitation of unconventional tight reservoirs. When the production
of shale oil and gas took off, concerns addressing the safety of these operations rose to an
alarming rate. Most of these concerns are related to the high pressures involved in
hydraulic fracturing and the contamination caused by the fracturing fluid that might leak
into nearby freshwater aquifers. A low fracturing fluid recovery can be an indication of
environmental and health hazards. Despite the research conducted in the unconventional
shale sector, there is no clear answer to why the percentage of fracturing fluid recovery
is highly variable from one operation to the other, even for the same geological
formations. Insights from the literature suggest that the flowback performance is affected
by several parameters such as shut-in pressure, proppant pack conductivity, fracture
network complexity, shut-in time, and having high permeability regions connected to the
induced network. In this research, we designed and assembled an in-house experimental
setup that mimics an actual hydraulic fracturing operation at a laboratory scale. The
samples were designed using an innovative approach leveraging 3D printing, molding,
and assembly techniques to investigate the impact of the aforementioned parameters on
flowback percentages. Results indicate that increasing the shut-in pressure can have two
opposing effects on the flowback percentage depending on the permeability of the matrix
and that increasing the shut-in time will decrease the flowback percentage. Also, the
flowback percentage drops for more complex fracture networks, and smaller proppant
particle sizes. Moreover, having a hydraulic connection between the fracture network and
a high permeability region will decrease the flowback percentage due to fluid losses. The
work done in this research can be used as a reference to qualitatively predict the flowback
performance of hydraulic fracturing operations.

Keywords: hydraulic fracturing, fracturing fluid, fracture network, leak-off, flowback,
lab-scale fracturing, permeability.
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CHAPTER 1
INTRODUCTION

1.1. Research Overview

After the exhaustion of conventional oil reserves, and as a response to the ever-
increasing demand for energy, the oil and gas industry had to tap into unconventional
resources. Unconventional resources can take different forms such as shale oil/gas, tight
oil/gas, coalbed methane, heavy oil, and oil sands (Zuo 2017; Arthur et al, 2008). Shale
oil/gas had specifically gained interest from the industry due to large available reserves
and advancements in the technologies required to extract hydrocarbons from these low
permeability formations.

Advancements in hydraulic fracturing stimulation for permeability enhancement
increased the efficiency and the economic feasibility of shale hydrocarbon production
(Wu et al., 2022; Arthur et al., 2008). However, the presence of chemicals and
contaminants in fracturing fluids assures the necessity of retrieving these fluids from the
subsurface during the flowback stage.

As reported by Naizhen et al. (2015), the flowback ratio from fractured shale
reservoirs falls in the 10 - 40 % range, indicating that significant volumes of the fracturing
fluid are trapped in the subsurface. The trapped fluid alters the conductivity of the
formation due to scaling or clay swelling and creates a multi-phase flow system affecting
oil/gas migration. Moreover, fracturing fluids that leak into water aquifers lead to high

environmental risks.



Chemicals such as friction reducers, viscosity modifiers, corrosion inhibitors,
biocides, and surfactants are commonly used in fracturing fluids (Arthur et al., 2008).
Although chemicals constitute only one to two percent of the fracturing fluid volume, on
average, a single hydraulic fracturing operation uses 25 different chemicals (Long et al.,
2015). Studies from the literature indicate that the chemicals used in unconventional oil
and gas development are associated with health hazards such as developmental or
reproductive toxicity (Elliott et al., 2017; Arthur et al., 2014). Hence, we highlight the
importance of understanding the behavior of the fracturing fluid in the subsurface and
analyzing the factors that affect its recovery.

The fracturing fluid can be retained or imbibed into the shale formation (Changgui
et al., 2022), can follow migration pathways to nearby layers or shallow aquifers (Long
et al., 2015), or can get trapped in complex natural fracture networks. The fluid path
depends on the fracturing operation parameters (i.e., shut-in pressure, shut-in time, and
fluid properties), and the formation type (i.e., mineralogy, and the presence of pre-

existing natural fractures or other geological complexities).



1.2. Motivation

This research work was motivated primarily by the environmental consequences
associated with having significant volumes of fracturing fluids retained in the subsurface,
the remarkable unjustified variation in the flowback performance from one hydraulic
fracturing operation to the other, the limitations of numerical simulations in accurately
describing flow in fracture stimulated shale reservoirs, and the increasing interest in

unconventional hydrocarbon resources.

1.3. Objective

The objective of this research is to identify parameters that can influence the
flowback performance, and then to investigate through experiments the effect of each
parameter on the flowback ratio.

Therefore, an experimental setup was built to determine the flowback ratio
following a hydraulic fracturing operation at a laboratory scale. The setup is used to study
the effect of operation and formation parameters on fracturing fluid flowback. Parameters
include shut-in pressure, shut-in time, proppant pack conductivity, fracturing fluid
viscosity, fracturing scale or the complexity of the fracture network, in addition to the
presence of high permeability regions connected to the induced fracture network. To
achieve this objective three types of samples were prepared and tested: 3D-printed
Polylactic acid, cement, and rock samples.

Insights from this study can help in optimizing hydraulic fracturing operations in
a way that effectively increases flowback and achieves successful and environmentally
acceptable operations, all while preserving the efficiency and deliverability of the created

fractured network.
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CHAPTER 2

LITERATURE REVIEW

2.1. Current Research Status

Unconventional shale reservoirs are characterized by low permeability and low
porosity (Yang et al., 2020). Hydraulic fracturing (HF) is performed to stimulate shale
reservoirs and enhance hydrocarbon production by injecting large volumes of a fracturing
fluid at pressures equal to or greater than the breakdown pressure of the formation, hence
fracturing the formations (Al-Ameri et al., 2018). HF increases the surface area between
the wellbore and the shale matrix thus enhancing its productivity (Al-Ameri et al., 2018;
Naizhen et al., 2015). A high fluid flowback ratio is essential to maintain good
conductivity in the flow paths created by the induced fracture network, and enhance
hydrocarbon productivity by reducing the damage caused by fluid-formation interactions
(Rester et al., 2016; Lin et al., 2020)

In most HF operations, less than 50% of the injected fluid volume flows back to
the surface (Al-Ameri et al., 2018), and the recovered percentage varies from one
operation to the other depending on several operation and formation parameters.
According to field data, the flowback percentage is as low as 5% for the Eagle Ford and
Haynesville shales, and up to 50% for the Marcellus and Barnet Shales (Al-Ameri et al.,
2018). To rationalize these differences in flowback ratios, studies in the literature
emphasized the dependency of flowback percentage on parameters such as the pressure
coefficient, natural fracture networks, shut-in time, and fracture conductivity (Naizhen et

al., 2015). Other factors such as near-fracture face damage caused by excessive fluid loss
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(Wang et al., 2012), capillary pressure effects, and clay swelling (Al-Ameri et al., 2018)
are also studied and linked to flowback performance.

The pressure difference between the fractured rock matrix and the wellhead is the
main drive mechanism for the fracturing fluids to leave the fracture network and flow
back to the wellbore, and then eventually to the surface. The effect of this pressure
gradient is intensified in gas-producing reservoirs because the produced gas expands in
the fracture network and in the tubing in response to the reduction in pressure. The
expanding gas provides additional drainage forces, that can enhance fracturing fluid
recovery (Song, 2014). This indicates that a larger drawdown is associated with a larger
fluid recovery. However, increasing the pressure drawdown beyond an optimum
threshold in the stress-sensitive unconventional reservoirs is accompanied by losses in
productivity because the permeability of the reservoir is stress-dependent (Clarkson,
2021). Moreover, increasing the pressure drawdown decreases the fracture conductivity
due to fracture closure in response to the increase in the effective stress resulting from the
sharp drop in the pore pressures (Zhuang, 2021), and increases the proppant flow back
due to the increase in fluid velocity (Zhilin and Guoying, 2012). Xia et al. (2022) show
that increasing the flowback pressure gradient (i.e., increasing pressure drawdown)
increases the flowback efficiency (Xai et al., 2022).

Fracture networks are composed of the induced fracture network and the
preexisting natural fractures. Understanding how the induced fractures interact with
preexisting fractures is essential to model the geometry and the conductivity of the
network (Abe et al., 2021; Gallardo et al., 2020). In addition to creating high-conductivity
channels, hydraulic fracturing operations activate microfractures existing in the rock

matrix by increasing the induced stresses around the wellbore (Hu et al., 2021). In most
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numerical studies, the effect of preexisting microfractures is neglected, and the capillary
forces are considered to be constant which is a simplistic approach to describing flow in
a fractured shale reservoir (Hu et al., 2020). It has been confirmed in the literature that
the presence of microfractures increases the productivity of shale reservoirs, and in
contrast, has an adverse effect on the flowback ratio. Moreover, the activation of natural
fractures can lead to the creation of flow paths extending into higher permeability regions
such as a nearby aquifer, a permeable fault system, or an up-dip high permeability
stratigraphic zone, causing partial or total loss of the fracturing fluid into the surrounding
formations and a significant drop in the flowback ratio (Robinson et al., 2021).

Furthermore, when the fracturing fluid enters the pore spaces under the action of
percolation, it interacts with water-sensitive minerals causing clay swelling and salt
diffusion. Both factors will prevent the fracturing fluid from flowing back to the wellbore.
The effects of the aforementioned phenomena are intensified in gas reservoirs due to the
higher mobility of the gas molecules compared to that of the fracturing fluid (higher
relative permeability), trapping more fracturing fluids in the formation (Yang et al.,
2020).

Field data show that extended shut-in periods increase the productivity of tight
reservoirs, at the expense of reducing flowback ratios. The longer the fluid resides in
water-sensitive formations (shales), the higher the probability of clay swelling (Yang et
al., 2020). Clay swelling affects the integrity of the rock and leads to matrix falloff,
eventually blocking fluid flow paths, hence, retaining more fracturing fluid volumes in

the reservoir.
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Using numerical simulations Naizhena et al. (2015) prove that the flowback ratio
increases with increasing fracture spacing, fracture conductivity, and the pressure
coefficient, whereas it decreases with increasing fracturing scale and shut-in time.
However, little has been done in the literature to back up numerical findings with
experimental data. Furthermore, shale reservoirs are complex systems due to pressure-
dependent permeability, adsorption, seepage, diffusion, slip, and imbibition (Guo et al.,
2022). Most of the numerical models available in the literature do not account for these
factors simultaneously. In addition to these complexities, numerical models in the
literature involve geometrical simplifications and two-dimensional representations of
fracture networks. To state things clearly, determining flowback ratios from numerical
models that account for rock properties, operation design, and complexities of fracture
networks simultaneously, is impractical at the current stage (Lin et al., 2020). The
formation and operation parameters influencing flowback performance are explained in

the subsequent sections.

2.2. Shut-in Pressure

Hydraulic fracturing operations have three stages: the injection stage, the shut-in
stage, and the flowback stage. During the injection stage, fracturing fluids are injected
into the wellbore at high pressures causing crack initiation in the formation, these
hydraulically induced fractures alongside the natural fractures propagate in the rock mass
under the effect of elevated pressure values. Then, in the shut-in stage, fluid pumping into
the wellbore is ceased, and the well is shut in for a specific time interval (Speight, 2016).
Finally, during the flowback stage, the well is reopened, causing a pressure drop, and

allowing fractures to close under the effect of the residual strength of the rock. Fracture

14



closure and the pressure difference between the fractured formation and the wellhead will
force the fracturing fluid out to the surface (Asgharikalyani and Lakirouhani, 2013).

During the shut-in stage, the pressure value varies with the position along the
wellbore and the shut-in duration. The pressure profile is influenced by fracturing fluid
properties and volumes, formation properties, and pressure interactions between
consecutive fractured stages (McClure and Zoback, 2013).

The shut-in pressure is used to determine the least principal stress value of a
formation (Broker et al., 2022). Different definitions for the shut-in pressure have been
reported in the literature, some define it as the pressure needed to keep the induced
fractures open (Hayashi and Sakurai, 1989), or as the fluid pressure immediately after the
injection is ceased (McClure and Zoback, 2013). The ISRM (International Society for
Rock Mechanics) and ASTM (American Society for Testing and Materials) define the
shut-in pressure as the pressure reached when the induced hydro fracture closes back after
pumping is stopped. The shut-in pressure value correlates to the mechanical
characteristics of the reservoir and the in-situ stress state of the formation being fractured.
Hence, the definition of the shut-in pressure impacts the values of the estimated stresses
and mechanical properties of the formation (Trinh et al., 2023). However, this research
aims at quantifying the effect of pressure on flowback percentage, not on the mechanical
properties of the rock, hence, the shut-in pressure is simply defined as the pressure value
recorded just before reopening the well allowing the fluids to flowback.

Increasing the shut-in pressure will increase the pressure difference between the
wellbore or the fracture network (assuming excellent communication between the
wellbore and the induced fracture network) and the wellhead, this can contribute to

increasing the flowback percentage. However, another opposing phenomenon could
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emerge whereby increasing shut-in pressure far beyond the pore pressure in the reservoir
will enhance fracturing fluids leak-off into the matrix leading to a lower flowback

percentage.

2.3. Shut-in Time

The importance of prolonged shut-in intervals is increasing due to the introduction
of new production management systems, such as the “fracturing, soaking, and re-
production” method. Field data shows that soaking unconventional shale reservoirs with
the fracturing fluid for longer time intervals possesses a good stimulation effect and
increases production rates. However, an experimental investigation into the effect of
prolonging the shut-in interval on the flowback performance is missing from the

literature.

There is solid evidence in the literature stating that the shut-in pressure is affected
by the shut-in time (McClure and Zoback, 2013). Increasing the shut-in time yields a
reduction in the shut-in pressure, which is attributed to crack propagation (Asgharikalyani
and Lakirouhani, 2013), stress shadowing (Singh et al., 2020), and fracturing fluid leak-
off (caused by forced imbibition) (Zhong et al., 2019).

In this thesis, we assume that the formation is fractured prior to fluid injection,
hence the effect of crack propagation and stress shadowing cannot be tested. The focus is
solely on the effect of fluid imbibition into a porous medium, on fracturing fluid
flowback. Spontaneous imbibition is considered to be the main cause of fracturing fluid
leak-off into the rock matrix, leading to low flowback percentages in hydraulic fracturing
operations (Yang 2016). The volume lost as leak-off fluid is dependent on the formation

properties namely porosity and permeability, exposure time (Ibrahim and Nasr-El-Din
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2019), and the mineralogical composition of the formation (e.g., the higher the clay
content the more favorable water imbibition) (Zhong et al., 2019). The main drive
mechanism of fluid leak-off during spontaneous imbibition is the capillary force (Bazin
et al., 2010), which is affected by the fluid pressure difference between the induced
fractures and the pore spaces. Another drive mechanism is the osmotic pressure, whereby
shales act as a semi-permeable membrane (Su et al., 2022).

Because the capillary action, which is the main drive mechanism of fluid
imbibition, is influenced by the pressure difference between the fracture and the pore
spaces, we can expect a relation between the shut-in pressure and fluid leak-off. Also, the
shut-in pressure is affected by the shut-in interval, which relates fluid leak-off to the shut-

in time.

2.4. Fracture Network Complexity

Hydraulic fracturing stimulations create volumetric and complex fracture
networks, rather than simple planner fractures (McClure, 2013). Formation
heterogeneities such as natural fractures, bedding planes, and weak zones contribute to
fracture network complexity (Li et al., 2020). Also, operation characteristics such as
cluster spacing, perforation parameters, and fluid properties control the complexity and
the geometry of the fracture network (Feng et al., 2021; Khadijeh et al., 2022).

Even though different fractures or fracture clusters in a multi-stage multi-cluster
operation have different production performance (Liu et al., 2023; Yang et al., 2021),
insights from the literature suggest that increasing the complexity of the fracture network,
or the presence of multiscale fracture systems is associated with enhanced production

rates (Zhao et al., 2023; He et al., 2021).
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An increase in fracture network complexity enlarges the drainage area in the
reservoir. Hydrocarbons in unconventional shale plays are usually found in nano-scale
pore structures. To reach the wellbore, they must pass through even smaller pore throats.
This has been confirmed by numerous studies investigating the pore structure of shale
plays (Yang et al., 2022; Zhang et al., 2023, and others). From the capillary pressure
equation, decreasing the capillary throat radius will increase capillary resistance, which
is the case in unconventional tight plays. Thus, producing oil and gas from tight reservoirs
using conventional completions results in a large pressure drawdown, leading to non-
economical production. However, increasing the drainage area by increasing the
complexity of the fracture network enhances the system's overall permeability, reduces
the distance traveled by hydrocarbons, minimizes capillary losses, and decreases the rate
of pressure depletion.

The study conducted by Fang et al. (2022) found that increased fracture density
leads to higher cumulative hydrocarbon production. Similarly, Chen et al. (2019) proved
that increasing the number of fractures increases the production rate. However, a thorough
experimental investigation of the effect of fracture network complexity on fracturing fluid

flowback is missing from the literature.

2.5. Permeability of Surrounding Layers

Fractures caused by hydraulic fracturing may intersect with weak bedding planes
or permeable fault systems. Fracturing fluids in this scenario are escaping into nearby
formations, which affects the flowback performance. Assuming there is hydraulic

connectivity between the fracture network and the hosting formation, the more permeable
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the host rock is, the more fluids will be lost into the rock, which reduces the flowback

ratio.

2.6. Fluid Viscosity

Increasing the viscosity of the fracturing fluid has two opposing effects: (1)
increasing proppant flowback due to increased drag forces and (2) reducing fluid
imbibition into the shale matrix. Reducing fluid imbibition has a more significant impact,
effectively increasing the flowback ratio (Dai et al., 2020; Zhilin, Guoying, 2012; Zhang
et al., 2021). On the contrary, high-viscosity fluids encounter greater capillary resistance
when flowing through any porous medium, which may in turn reduce the flowback ratio.
These competing phenomena necessitate an experimental investigation to determine

which one has a more prominent effect on the flowback ratio.

2.7. Proppant Pack Conductivity

The conductivity of the induced fractures is a crucial factor affecting shale
productivity (Cao et al., 2024). Fracture conductivity depends on the fracture’s surface
morphology (He et al., 2024), the fracture inclination angle (Cao et al., 2024), and the
proppant pack properties (Sun et al., 2022). Enhancing the conductivity of the fracture
network increases the flowback percentage and reduces fluid retention in fractures. A
study conducted by Katende et al. (2023) confirms that the enhanced fracture conductivity
Is attributed mainly to a higher porosity or a bigger proppant particle size (Katende et al.,

2023).

19



CHAPTER 3

METHODOLOGY

In this chapter, details on the experimental program are presented. The
experimental setup, built in-house, is described and the methodology for each experiment
is discussed, namely, the experiments on: shut-in pressure, shut-in time, fracture network

complexity, fracturing fluid viscosity, and proppant pack conductivity.

3.1. Experimental Setup

An experimental setup was designed to mimic the main three stages of a hydraulic
fracturing operation (i.e., injection, shut-in, and flowback) at a laboratory scale. Figure 1
displays a schematic of the experimental setup, while Figure 2 shows an image of the
setup. The setup comprises the injection unit, the pressure measurement unit, and the flow

network.

Data acquisition
and control
system

Manual
pump

- Injection Path

Receiver

. Flowback Path tank

Figure 1. Schematic illustrating the components of the experimental setup
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y Shut-in Valve

.sg.;u
: =

Manual Hydraulic .
Pump , Graduated
Receiver Tank

Injection Path — Tested Sample

Flowback Path

Figure 2. The experimental setup

The injection unit is a manually operated hydraulic pump that reaches pressures
up to 350 bars. The pump's intake is connected to a graduated cylindrical reservoir
depicted in Figure 3. The volume of the injected fluid is determined by recording the

difference between the level of fluid in the reservoir before and after the injection stage.
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Figure 3. Fluid injection unit

The pressure measurement unit is an electronic pressure transducer connected to
a WECON PLC LX2E-0806MR-A2 PLC unit with two outputs. The first output is
connected to a WECON HMI 3.5-inch screen (Figure 4) displaying the pressure value at
the transducer in real-time. The other output is a USB data cable connecting the PLC to

a computer that reports and stores pressure vs. time values.
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Sensor 1 Sensor 2

0.0 3.0

Figure 4. WECON screen displaying real-time pressure values

The flow network comprises a set of 0.25-inch pipes, two needle valves (one is
the shut-in valve, and the other is the flowback valve, as designated in Figure 2), and two
0.25-inch Tee connections. The network withstands pressure values up to 66,000 psi, is
corrosion resistant, and is designed to prevent leakages at high-pressure values. The
flowback path (represented by the blue arrows in Figure 2) is a vertical flowline higher

than the level of the samples, to avoid gravity drainage.
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3.2. Materials

Samples were prepared to mimic the actual fracture or rock system and ensure
repeatability of the experiments. Furthermore, different types of samples were designed
to isolate the effects of the various parameters affecting the flowback performance.
Assigning a unique design for each experiment is essential because parameters might
have opposite effects on the flowback. For example, increasing the shut-in pressure
increases flowback volumes whereas increasing shut-in time decreases the shut-in
pressure, eventually decreasing flowback volumes.
The three types of materials used in this work are (1) rocks, (2) cement, and (3) Polylactic

Acid (PLA).

3.2.1. Rock

Natural rock samples were harvested from different geological formations, both
clastic and carbonates, then cored into cylindrical samples or crushed down and sieved to

extract different grain-size particles.

3.2.2. Cement

Cement molds were prepared, and then cement slurries were poured around
fracture networks to create a porous and permeable medium. The flexibility of cement

samples allows for the creation of various fracture network models and mold shapes.

3.2.3. 3D-Printing materials

Fracture networks were designed, and 3D printed with the Ultimaker S3 extended

using PLA as the printing material.

24



3.2.4. Injected Fluid

The fracturing fluid used in most of the experiments is an intermediate viscosity
(31.89 cP) Automatic Transmission Fluid (ATF). ATF is chosen to protect the pump from
corrosion (the pump is not water sensitive), and to mimic intermediate viscosity fracturing
fluids -high Gaur gel content- (Petroleum Engineer’s Guide to Oil Field Chemicals and
Fluids- Third Edition, 2021). A relatively low viscosity (6.65 cP) de-ionized water with
high glycol content is also used to test the effects of viscosity on the flowback ratio. The
high glycol content in the de-ionized water protects the pump from corrosion. Fluid

viscosities were tested using the Brookfield DV2T viscometer shown in Figure 5.

- wstm  oss B

Running Viscosity Test

Figure 5. The Brookfield DV2T viscometer

25



3.3. Experiments
3.3.1. Shut-in Pressure

3.3.1.1. Effects of increasing the shut-in pressure:

In this experiment, we test the effect of shut-in pressure on flowback. An increase
in the shut-in pressure increases fluid leak-off into the formation, microfracture
activation, and induces seismic (Yehya et al., 2022) events if a nearby fault exists, all of
which favor a lower flowback rate. Conversely, an increase in shut-in pressure can also
increase the pressure difference between the borehole and the wellhead which increases
the flowback ratio. Moreover, increasing the shut-in pressure increases fluid compression
which is the main flow drive mechanism in our experiments. Hence, two experiments are
conducted using PLA and cement samples to test the factors favoring lower or higher

flowback which are detailed in Table 1.

Table 1. Factors affecting flowback performance consequent to increasing the shut-in
pressure value.

Factors favoring lower flowback Factors favoring higher flowback

performance performance
Increase fluid leak-off Increase in the pressure difference
Increase microfracture activation Increase in fluid compressibility

Increase induced seismic events

Design flexibility is the main advantage of using 3D-printed samples. Moreover,
3D-printed samples assume no fluid communication between the fracture network and
the surrounding matrix. This case reflects a hypothetical condition where the stimulated

formation is nonpermeable.
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Figure 6 shows a computer-aided design of a 3D-printed fracture network. The
main conduit, which is 16.5 cm long and 1.3 cm in diameter represents the wellbore.
Branches extruding from the wellbore are primary fractures, these fractures are 7 cm long
and 0.8 cm in diameter. The strength of the printed PLA samples is increased by adding
fiber reinforcements in a super glue matrix to the joints and other possible weak spots, as
shown in Figure 7. Then the entire sample was dipped into a wood sealer to fill any
possible gaps or imperfections between the printed layers. Sealer can also contribute to
the overall strength of the sample. After that, the PLA sample is left at ambient conditions
for three hours, which is the specified recoating time, and then dipped again into the
sealer. This cycle is repeated four times. The shiny surface finish shown in Figure 7 is

attributed to the presence of a relatively thick layer of wood sealer.
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10

)
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Figure 6. CAD design of a 3D-printed PLA
sample
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Figure 7. Reinforcing material on the surface of
the weak spots of the 3D-Printed PLA sample

The geometric simplicity reflected in the 3D-printed network shown in Figure 6
was intended to eliminate any possible flow restrictions and to assess solely the effect of
the shut-in pressure. Furthermore, the print speed and the layer height were adjusted to

print the networks without the need for support materials inside the printed tubes.
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Cement samples are selected in this section for their ability to provide a porous
and permeable medium around the fracture network. Unlike PLA samples, the fracture
network of these samples is hydraulically connected to (and surrounded by) a permeable
cement medium. Figure 8 shows the rectangular planar fracture measuring 4 cm x 8cm
x 1cm, which is then filled with sand proppants, embedded within the cylindrical cement
sample. An aluminum adapter is designed to connect the sample to the experimental setup

while ensuring fluid deliverability to the fracture with no leakages.

5 == : Fracture /

// \\‘a / lAluminum
‘ ‘ - / |\ | Adapter
‘\ I.‘f‘ =l ‘\ ‘

Cement

15 o E
10 = e 0

cm 0 -5

Figure 8. CAD drawing of the cement samples used for the shut-in pressure and shut-in
time experiments
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To produce the cement samples shown in Figure 8, we used sections of a Poly
Vinyl Chloride (PVC) pipe as a mold having a length of 17 cm and a radius of 12.7 cm.
After assembling the fracture frame, it is filled with regular sand grains, as shown in
Figure 9. Sand proppants are the most common type of proppants used to keep the induced
fractures open in hydraulic fracturing operations. Into the tip of the aluminum adapter,
we fixed a filter mesh to avoid proppant flowback and sand accumulations in the 0.25-
inch pipes in the experimental setup. Then the aluminum adapter is attached to the inlet

of the fracture.

Regular
Sand
Proppants

Fracture Frame

Figure 9. Planar (4cm x 8 cm x 1 cm) fracture filled with regular sand proppants and
connected to the aluminum adapter

Into the thin section of the adapter, we fixed two radially extending aluminum
plates as shown in Figure 10. Without these plates, the aluminum adapter will be pulled

out of the sample once subjected to high pressures.
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Figure 10. Aluminum plates attached into the adapter to fix it into the cement

Before pouring the cement slurry into the molds, the fracture assembly shown in
Figure 10 is placed and fixed in the center of the mold. A trail cement sample with an

imbedded planar fracture is represented in Figure 11.

L Aluminum Adaptgti-

- —

Matrix sy | P Invaded

Figure 11. One of the trial cement samples, used to check
for any leakages, and cement fracture pressure
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The cement slurry is prepared by mixing 1,500 grams of White Portland Cement
with 2,500 grams of Ottawa sand and 750 grams of water. Adding sand to the slurry
increases the porosity and permeability of the resulting cement stone. Interfaces between
sand grains and hardened cement can become pore spaces and fluid migration paths due
to cement shrinkage. The Ottawa sand is selected because of the homogeneous particle
size distribution and grain roundness, yielding homogenous samples with uniform flow
properties in all directions (a radial flow).

Cement samples are preferred over rocks, because they are relatively
homogenous, and can be prepared with an acceptable degree of repeatability. Moreover,

the embedded fracture geometry and proppant particles can be easily modified.

3.3.1.4. Experimental Procedure

PLA samples are used to simulate a perfectly sealed fracture network, with no
fluid communication with its surroundings. However, cement samples are used to
simulate a fracture network that is hydraulically connected to its surrounding permeable
matrix. The samples are subjected to increasing shut-in pressure values, once the shut-in
pressure is reached, the fluid is allowed to flowback by opening the flowback valve
(shown in Figure 3). The injected volume, pressure profile, and the flowback volume are

recorded in each experiment for each shut-in pressure value.

The flowback ratio is calculated as follows:

- Vp
Flowback Ratio = A (D

i
where Vg, is the volume of fluid that flows back from the setup and V; is the volume of

fluid that was originally injected into the sample.
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3.3.2. Shut-in Time

3.3.2.1. Effects of increasing the shut-in time

The shut-in interval varies from one operation to the other due to different well
parameters, or production management systems. In this experiment, we test the factors
governing the effects of shut-in time on flowback performance (Table 2). Increasing shut-
in time provides enough time for the fracturing fluid to escape into permeable structures,
decreases the shut-in pressure, enhances fluid leak off into the formation, and favors water
adsorption into the surface of clay minerals, all of which negatively affect the flowback
ratio. Conversely, increasing the shut-in time while following certain production
management schedules can enhance production rates. As the production rate of

hydrocarbons increases, it also leads to an increase in the flowback of fracturing fluid.

Table 2. Factors affecting flowback performance consequent to increasing the shut-in
time value.

Factors favoring lower flowback Factors favoring higher flowback
performance performance
Decrease in shut-in pressure Increase in production rate (soaking
effect) (Wang et al., 2022).

More fluid leak off to the matrix
More water adsorption into the clay
minerals
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3.3.2.2.Cement samples

Identical cement samples (Figure 8) used for the shut-in pressure experiments

were also used for the shut-in time experiments.

3.3.2.3. Experimental Procedure

To test the effect of shut-in time on the fluid leak-off, and eventually, on the
fracturing fluid flowback, the fracture network should be in contact with a porous and
permeable medium (e.g., cement) that favors the leak-off phenomenon, rather than a
perfectly sealed fracture network. Hence, 3D-printed PLA samples are not suitable for
this experiment. The cement samples were all subjected to identical pressures of 200 psi.
When a pressure of 200 psi is reached, samples are shut in for different time intervals
ranging from 0 to 3,600 seconds. Then, the fluid is allowed to flowback by opening the
flowback valve (shown in Figure 3). The injected volume, pressure profile, and the

flowback volume are recorded for each experiment (i.e., for each shut-in time value).

3.3.3. Complexity of the Fracture Network

3.3.3.1. Effects of increasing the fracture network complexity

By controlling the injected fluid's viscosity and volume, the complexity of the
network can be controlled to some extent during hydraulic fracturing operations. The
composition and the mechanical properties of the reservoir will dictate the appropriate
fracturing fluid to apply, hence, affecting the fracture network geometry. In this section,
the factors governing the effect of fracture network complexity on flowback performance
(Table 3) are examined. Increasing fracture network complexity increases the number of

micro-fractures, enhances fluid leak-off, and favors fluid adhesion or adsorption into the
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stimulated matrix. This is due to the increase in the drainage area, which favors a lower
flowback ratio. Conversely, increasing the fracture network complexity increases
production rates and decreases the pressure drawdown due to the permeability
enhancement and the decrease in capillary resistance, as explained in section 2.4.
Decreasing pressure drawdown and increasing production rates can positively influence

the flowback performance.

Table 3. Factors affecting flowback performance consequent to increasing the fracture
network complexity.

Factors favoring lower flowback Factors favoring higher flowback
performance performance
More fluid adhesion/adsorption to the | Increase in production rate (increase
shale matrix (increase in the contact in the drainage area)
area)
More fluid leak off to the matrix Decrease in the pressure drawdown
rate
Increase in the number of micro-
fractures (with increasing fracturing
scale)

3.3.3.2. PLA samples:

3D-printed PLA samples are used to eliminate the effects of fluid leak-off and
examine the effect of wettability and fluid interactions with the fracture walls. Similar
PLA samples that are used in the shut-in pressure experiment are used for the fracture
network complexity experiment. However, for this experiment the complexity of the
fracture network is varied by adding more primary fractures. Two levels of complexity
are considered by printing samples with 4 primary fractures (Figure 12) and 10 primary

fractures (Figure 13).
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Figure 12. Complexity level 1, 4 primary fractures in a 3D
printed sample
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Figure 13. Complexity level 2, 10 primary fractures in a 3D
printed sample
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3.3.3.3. Cement samples:

Cement samples are utilized to account for fluid leak-off, wettability effects, and
fluid-fracture interactions simultaneously. The cement slurry composition used to create
the samples for the shut-in pressure and shut-in time experiments are identical (i.e., 1,500
grams of White Portland Cement, 2,500 grams of Ottawa sand, and 750 grams of water).
The cement slurry is poured into rectangular molds measuring 30 cm x 15 ¢cm x 7.5 cm

as shown in Figure 14.
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cm 4

Figure 14. The mold used to create the cement samples used for the fracture
network complexity experiments

Cement samples are left to cure for 24 hours under atmospheric conditions. A
fracture network is then traced onto the surface of the samples and engraved with a fine
metal chisel as shown in Figures 15 and 16 respectively. After 24 hours of curing the
hydration of cement will be sufficient to provide a rigid structure that is easy to engrave
without failing or breaking. Exceeding the 24-hour limit will obstruct the network

engraving process, making it much more difficult.
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Figure 15. Traced fracture Figure 16. Engraved fracture networks on a cement
network on a cement sample sample

2mm FIBER FLEX gasket is laser cut to match the geometry of the engraved
network as shown in Figure 17. The cut gasket is placed on the top of the fracture network
to create a seal, then covered with a 5mm thick Plexi Glass cover. The Plexiglass is
tightened to the sample using 10 mm bolts and nuts passing through the entire thickness

of the sample as shown in Figure 18.
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Figure 18. An image showing the different components of the
first edition of samples
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In the initial versions of the samples, leakage issues were encountered, and the
samples required significant updates. These updates included simplifying the shape of the
fracture network, increasing the width and thickness of the sealing material, upgrading
the Plexi Glass thickness to 10 mm, and replacing the 10 mm bolts with 17 mm bolts. An

upgraded version of the samples can be seen in Figure 19.

~ Plexi Glass
Cover

Figure 19. Second edition of the fracture network complexity samples

Leakage issues were encountered in the second version of the fracture network
complexity samples. Hence, the seal was upgraded from FIBER FLEX to thick rubber;
rubber is more flexible and can adjust to surface imperfections, creating a better seal. We
added gasket sealer (the gray liquid shown in Figure 20), on the top and bottom surfaces

of the rubber seal, to add an extra layer of protection against leakages.

The final version of the samples, shown in Figure 20, is much more competent

and capable of withstanding higher pressures with no leakages.
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Figure 20. The final version of the fracture network complexity samples

Three levels of network complexities, presented in Figure 21, are considered for

this experiment. Complexity increases as we move from level 1 to level 3.

Complexity
Level: 1

Complexity
Level: 2

Complexity
Level: 3

Figure 21. Complexity levels and fracture network geometries
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3.3.3.4. Experimental Procedure

PLA samples and cement samples were subjected to two pressure values, to check
the repeatability and validity of the results. Once the shut-in pressure is reached, the fluid
is allowed to flowback by opening the flowback valve (shown in Figure 3). The injected
volume, pressure profile, and the flowback volume are recorded in each experiment for

each fracture network complexity level and shut-in pressure value.

3.3.4. Permeability of Surrounding Layers

3.3.4.1. Effects of having hydraulic connectivity between the fracture network and

permeable formations.

The permeability of the surrounding layers experiment will reflect the
connectivity of the induced network with external geological features other than the shale
layer itself. A high permeability medium can illustrate the connectivity of the fracture
network to an aquifer, for example. Hence, the fracture is connected to a permeable zone,
and the effect of the permeability values on the flowback is tested (Table 4). In theory,
the higher the permeability of the hosting layer, the more significant the portion of fluids

escaping into this formation, thus the lower the flowback volume.

Table 4. Factors affecting flowback performance consequent to having the fracture
network connected to a permeable layer.

Factors favoring lower flowback Factors favoring higher flowback
performance performance
High permeability host formation Low permeability host formation

Hydraulic connectivity between the
fracture network and the host
formation
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3.3.4.2. Sample

To investigate the impact of the surrounding layer's permeability, we created the

extension depicted in Figure 22, which can be connected to the flow setup. The extension

is composed of a zone that represents the fractured region and a permeable zone

representing the surrounding (host) formation.

The fracture network tube is filled with relatively large grains to reflect a zone

with conductivity higher than that of the host formation. The permeable region

representing the hosting formation is filled with smaller-sized grains. Both compartments

are separated by a manual high-pressure ball valve. To control the permeability, the size

of the grains inserted into the hosting formation cup is varied. As such, smaller grains

lead to smaller permeability values and vice versa.
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Figure 22. CAD drawing of the extension used to test the effect of the permeability of
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Below the threaded top cap, we designed a piston mechanism that is lathed to fit
tightly into the cylinder. Upon screwing the top cap in place this piston will be pushed

towards the proppants, creating a highly compacted medium.

3.3.4.3. Experimental Procedure

To test the effect of increasing the permeability of a layer that is hydraulically
connected to an induced fracture network, the extension presented in Figure 22 is
subjected to increasing shut-in pressures of 50, 100, and 200 psi. Once the shut-in
pressure is reached, the fluid is allowed to flowback by opening the flowback valve
(shown in Figure 3). After each test the sand inside the hosting formation cup is removed
and replaced with larger sand grains, then the same testing procedures are repeated. The
injected volume, pressure profile, and the flowback volume are recorded in each

experiment for each particle size and shut-in pressure value.

3.3.5. Fluid Viscosity

3.3.5.1. Effects of increasing fracturing fluid viscosity

In this section, we measure the effect of fluid viscosity on the flowback ratio. The
viscosity of the fracturing fluid can be modified using viscofiers such as Guar Gel. Fluid
imbibition or the filtration of the fracturing fluid into the shale formation is reduced when
the fluid viscosity is increased. Reducing fluid filtration decreases the possibility of shale
swelling and matrix collapse. However, an increase in fracturing fluid viscosity can be
accompanied by some drawbacks, such as increased capillary resistance and proppant

flowback (due to the increase in drag forces) as mentioned in Table 5. Hence, it leads to
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problematic scenarios in the production equipment and increases the possibility of

fracture closure.

Table 5. Factors affecting flowback performance consequent to increasing the viscosity
of the fracturing fluid.

Factors favoring lower flowback Factors favoring higher flowback
performance performance
Higher capillary resistance Decrease in fluid leak-off
Proppant flowback

3.3.5.2. Samples

For this experiment, we use the same extension designed for the ‘permeability of

surrounding layers’ experiment, shown in Figure 22.

3.3.5.3. Experimental Procedure

To test the effect of fluid viscosity on the fracturing fluid flowback, the extension
presented in Figure 22 is used. The particle size inside the hosting formation cup is fixed
(Mesh-50). Then the extension is subjected to increasing shut-in pressures, 50, 100, and
200 psi. Once the shut-in pressure is reached, the fluid is allowed to flowback by opening
the flowback valve (shown in Figure 3). After the first test, the high-viscosity fluid
(Automatic Transmission Fluid- 31.89 cP) is replaced by a low-viscosity fluid (De-
ionized water- 6.65 cP), then the same testing procedures are repeated. The injected
volume, pressure profile, and the flowback volume are recorded in each experiment for

each fluid viscosity and shut-in pressure value.
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3.3.6. Proppant Pack Conductivity

3.3.6.1. Effects of increasing proppant pack conductivity

In this section, the effect of proppant particle size on the fracturing fluid
performance is studied. Proppant diameter varies from one operation to another
depending on the fracture geometry, formation properties, and operation parameters.
Finer proppants ensure better distribution in fractures and guarantee an open fracture even
for small-scale fractures. But overall, the conductivity of finer packs is lower than that of
the larger diameter proppant packs. The variation in fracture conductivity will affect the

flowback of the fracturing fluid through the factors listed in Table 6.

Table 6. Factors affecting flowback performance consequent to increasing the size of
proppant particles.

Factors favoring lower flowback Factors favoring higher flowback
performance performance

Reduced ability to invade and support | Increased proppant pack conductivity.
smaller fractures.

3.3.6.2. Samples

A rectangular fracture was 3D printed using PLA, as shown in Figure 23, and a
gasket was installed between the upper and lower parts of the fracture chamber with an
additional gasket sealer to fill any gaps and prevent leakages. Into the bottom part of the
chamber (Figure 23), a 1.5 cm layer of proppants were added. Then an aluminum adapter
was installed to connect the chamber to the pump setup. A filter mesh is attached to the
tip of the adapter as in Figure 9 to prevent proppant particles from flowing back with the

fluids. The compaction pad in the top part of the chamber will apply pressure to the
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surface of the proppants ensuring a leveled surface, and a highly compacted proppant

pack.

0
FIBER
FLEX

s Gasket

15

15
Bottom Top Part

Figure 23. Proppant pack conductivity testing chamber, bottom part (left) upper part
(right)

The top and bottom parts of the chamber presented in Figure 23 are fixed together

with 4 bar clamps as shown in Figure 24.

Aluminum
#4 Adapter

Bottom Part

FLEX
Gasket +
Gasket
Sealer

Figure 24. The proppant pack conductivity testing
chamber assembled and connected to the flow setup
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3.3.6.3. Experimental Procedure

To test the effect of proppant particle size, we performed Sieve analysis on
crushed limestones to sort different particle sizes together. After being rinsed with water
to remove dust and fines, each size group is oven-dried to eliminate excess water. Once
the proppants are completely dried, a 1.5 cm layer of proppants is carefully added to the
bottom part of the chamber. The surface of the proppants is leveled to ensure ideal
proppant distribution across the entire area. Then the added proppants are fully saturated
with the injected fluids, and all air bubbles are removed before installing the top part and
tightening it with the bar clamps. After tightening the bar clamps the pressure in the
chamber is increased to 10 psi, and the fluid is allowed to flowback by opening the
flowback valve (shown in Figure 3). After each test, the proppants inside the chamber are
removed and replaced with larger proppants, and the same testing procedures are
repeated. The injected volume, pressure profile, and the flowback volume are recorded

for each experiment (i.e., for each proppant size).
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CHAPTER 4

RESULTS

Hereafter, the results of each experiment are presented and analyzed, namely: the
shut-in pressure, the shut-in time, fracture network complexity, fracturing fluid viscosity,

and proppant pack conductivity.

4.1. Shut-in Pressure

Figure 25 shows that increasing the shut-in pressure in the fully sealed 3D-printed
PLA samples leads to an increase in fluid flowback. However, this increase in the
flowback ratio is not uniform over the entire pressure domain. A noticeable difference in
the slope is observed between the 10-30 psi interval and the 30-160 psi interval. This is
attributed to the change in fluid compressibility, which is the change in the volume of a
substance in response to variations in pressure. For low shut-in pressures, the relative
change in volume when pressure increases is higher because the fluid compressibility
(expressed as Ov/0p) is higher. As shut-in pressure increases the ov/Op decreases. Since
the fluid volume expansion after shut-in (i.e., when opening the valve for blowback) is
the main flow drive mechanism in this experiment, we observe a reduction in the slope

of the flowback ratio at 30 psi.
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Figure 25. Flowback percentage versus shut-in pressure in a perfectly sealed medium
(3D printed PLA sample)

However, in a medium where the fracturing fluid is allowed to leak into a
permeable matrix, high shut-in pressures will cause a lower flowback percentage as seen
in Figure 26. The more pressure applied, the greater the fluid leakage from the highly
conductive fracture network into the matrix, resulting in decreased flowback. The pore
throat radius in the proppant pack is much larger than the pore throat radius at the level
of the matrix, the decrease in the pore throat radius increases the capillary resistance and
vice versa. For this, the capillary resistance at the level of the fracture is much lower than
the capillary resistance in the cement matrix. So, the higher the shut-in pressure, the
higher the volume lost into the cement matrix, of which a limited portion can be

recovered.
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Figure 26. Flowback percentage versus shut-in pressure in a porous and permeable
medium (cement sample)

4.2. Shut-in Time

After analyzing the pressure profiles depicted in Figures 27 and 28, we observed
that most of the samples exhibited similar pressure drops which indicates the consistency
and repeatability of our results. By analysing the plots, we can see that the rate of pressure
drop decreases as the pressure decreases. This confirms that the capillary action, which
is the primary phenomenon governing fluid leak-off, is enhanced by the increase in fluid
pressure within the fracture. To put it simply, when the pressure is higher, more fluid
volumes can easily pass through the cement matrix because they can overcome the
capillary resistance. As the fluid moves through the matrix, it only experiences a slight

pressure buildup at the level of the pore space. This happens because there is no pressure
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confinement, and the fluid encounters an open boundary. The faster the leak-off rate, the

faster the pressure drop, as indicated by the pressure profiles.
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Figure 27. Pressure profiles for different shut-in times (060 seconds) in a
porous and permeable medium
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Figure 28. Pressure profiles for different shut-in times (120> 3600 seconds) in a
porous and permeable medium

Before disucssing flowback volumes, we can expect that the longer the shut-in
interval, the smaller the shut-in pressure, this can be an indication of a lower flowback
volume (Figure 25).

Figure 29 shows that the increase in the shut-in time will force a decrease in the
flowback percentage. However, we also notice that the decrease in the flowback
percentage is less intense for longer shut-in intervals, and the major change in the
flowback ratio is dictated by the early stages of the shut-in interval. By comparing this
last observation to the pressure profiles (Figures 27 and 28), we notice a rational
agreement. To model the variation in the flowback reduction rate, we subdivide the results
(Figure 29) into three intervals, the first between 0 and 300 seconds, the second between
300 and 1,800 seconds, and the third between 1,800 and 3,600 seconds. In each interval
we assume a linear trend and calculate its slope to obtain the rate of variation of flowback

percent. The results are shown in Table 7.
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Figure 29. Flowback percentage versus shut-in time in a porous and permeable medium

Table 7. Flowback variation rate for different shut-in time intervals

Interval

0->300 seconds

300->1800 seconds

1800-> 3600 seconds

Slope (s1)

-6.833x107

-1.3x10°3

-0.533x107

Comparing the results presented in Table 7 to the pressure profiles shown in

Figures 27 and 28 illustrates that the flowback decreases rapidly initially and is followed

by a gradual decrease in later stages. This is an indication that the leak-off phenomenon

is dominated by the fluid pressure value at the level of the fracture.

By increasing the shut-in interval, the flowback percentage is reduced. However,

the reduction rate will decrease over time.
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4.3. Fracture Network Complexity

Using 3D-printed samples, we have shown that increasing the number of primary
fractures (fracturing scale) in a network decreases the flowback volume, as illustrated in
Figure 30. This is attributed to the wettability of the fracturing fluid used and its adherence

to the walls of the PLA tubes.
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Figure 30. Flowback percentage versus number of fractures (fracture network
complexity)

Results from the cement experiments indicate that increasing the number of
fractures, and the geometrical complexity of the fracture network reduces the flowback
percentage, as shown in Figure 31. To validate the results, we repeated the test at two
pressure values of 10 and 20 psi which yielded identical flowback ratios.

The decrease in the flowback percentage is attributed to several factors. The
contact area between the fracture network and the reservoir increases when the
complexity of the fracture network increases. Although the increase in the drainage area

can positively influence production rates, as explained in the literature review Section 2.4,
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it will adversely affect the flowback percentage by two main mechanisms. First, the same
mechanisms that enhance the production rates upon increasing the drainage area will
favor and enhance fluid leak-off into the matrix when the fluid pressure in the fracture is
higher than the fluid pressure at the level of the pore spaces. Also, increasing the contact
area will increase fluid adhesion to the surface of the fractures due to wettability. In the
case of clay-rich formations such as shales, increasing the contact area with clay minerals
will favor water adsorption and osmosis effects.

Another contributing factor is the increase in the density of microfractures.
Microfractures cannot be propped during the slurry stage, so they will tend to close upon
the removal of the injection pressure, trapping some of the injected fracturing fluids

within them.

AEs l-Com plexity Level 1
R 4.0
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Flowback %
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Figure 31. Flowback percentage versus fracture network complexity in a
porous and permeable medium
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4.4. Permeability of Surrounding Layers

Figure 32 represents the flowback volume variation with shut-in pressure for

different particle sizes (host formations permeabilities). All the samples show an increase

in the flowback volume as the shut-in pressure increases. Additionally, data from Figure

32 indicates that formations with larger particle sizes (i.e., higher permeability values)

result in a higher flowback volume. However, judging the flowback performance based

on flowback volumes only can be misleading, because the value of the injected volume

is not accounted for. The flowback percentage is obtained by the volume fraction of the

fluids recovered over the total injected volumes (refer to equation 1). Results will change

significantly if we consider flowback ratios rather than the flowback volume (Figure 33).
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Figure 32. Flowback volume versus pressure for different particle sizes (MESH-8 has the highest
permeability and MESH-50 has the lowest)
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Upon examining Figure 33, which illustrates the relationship between flowback
percentage and pressure for various particle sizes, it becomes apparent that the formation

with the highest permeability is associated with the poorest flowback performance.
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Figure 33. Flowback percentage versus pressure for different particle sizes (MESH-8 has the
highest permeabilities and MESH-50 the lowest)

The flowback ratio is equal to % , hence, the larger the injected volume V;, the
l

lower the flowback percentage. A large injection volume can only be caused by a
significant fluid loss or escape into the hosting formation (see permeable zone in Figure
22). Fluid loss into the hosting formation is controlled by the permeability of the
formation, hence we conclude that:

Higher host formation permeability->Higher fluid loss>Higher injection

volumes—> Lower flowback performance
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As higher permeability formations host larger volumes of fracturing fluids, we
can explain the increase in flowback volumes observed in Figure 32 as:

Higher host formation permeability->Larger volumes of fracturing fluids in the
system->Increase in the fluid compressibility effect (the main drive
mechanism)-> Increase in the flowback volumes.

The impact of fluid loss in this experiment, which led to higher injection volumes,
is much more significant than the increase in flowback volume resulting from the change
in fluid compressibility. This justifies the difference between flowback volumes and
flowback percentages shown in Figures 32 and 33, respectively.

To validate these findings, we can refer to the images in Figure 34. The images
show hosting formations with varying levels of permeability after a 200-psi shut-in

pressure.

MESH-16 MESH-30 MESH-50

Figure 34. Fluid saturation in different particle sizes (permeabilities) after 200 psi
shut-in pressure injection
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All these samples are subjected to identical shut-in pressure (200 psi) and shut-in
time values. However, we notice that fluid invasion into these formations is different. The
formation with the highest permeability (MESH 16) is fully invaded/saturated, indicating
significant fluid loss. As for the MESH-30 formation, uninvaded zones can be
distinguished near the center. Finally, for the MESH-50 formation, only minor parts of
the sample are invaded by the fracturing fluid. This confirms the decrease in fluid loss
associated with the decrease in the formation permeability.

Figure 32 also suggests that the variation in the flowback volume in response to

the increase in pressure, or Z—: , is different from one formation to the other. The larger

the fluid volume in the system, the more it is affected by the pressure (fluid
compressibility effect). The rate of increase of the flowback volume is obtained by fitting
a linear trend to the measured data of the flowback volume and calculating the slopes as

shown in Figure 35.
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Figure 35. Linear averaging of the flowback volume versus pressure plots
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Figure 36 shows that (Z—:) decreases when the particle size decreases. In addition

to the images shown in Figure 34, Figure 36 also confirms that the volumes of fluid lost
into the formation are variable from one particle size to the other. Increasing the fluid

volume inside the system will enhance fluid compressibility (effect of pressure on

flowback volume or Z—Z) as shown in Figure 36.
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Figure 36. Z—Z versus MESH number (particle size), where dv is the change in the
flowback volume and dp is the change in the shut-in pressure
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4.5. Fluid Viscosity

According to Figure 37, when the fluid viscosity decreases, the flowback
percentage increases significantly. Fluids with lower viscosities experience lower
capillary resistance upon flowing in any porous medium, this explains the difference in
flowback performance between fluid 1 the Automatic Transmission Fluid (31.89 cP) and

fluid 2 the De-ionized water (6.65 cP).

| fluid 1 (31.89¢cP)

fluid 2 (6.65¢P)

! | v I ' | ! I v | ' | v I v | ' 1
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Figure 37. Flowback percentage versus shut-in pressure for two fluid viscosities
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4.6. Proppant Pack Conductivity
Looking at the pressure profiles of Figure 38, we show that the smaller the particle
(i.e. the lower the permeability) the more gradual the pressure drop. We can observe that
the small proppants act as a choke that restricts the fluid movement and eventually its

expansion, leading to a gradual pressure drop when the flowback valve is opened.
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Figure 38. Pressure profiles of the different particle sizes used

Although the throttling effect associated with small proppant particle sizes in this
experiment, maintains the pressure for a longer time interval it significantly reduces the
flow rates. The effect of reducing the flow rates is much more prominent leading to lower

flowback performance. This can be observed in the flowback percentages reported in

Figure 39.
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Figure 39. Flowback percentage versus proppant size (MESH number)
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CHAPTER 5

FUTURE WORK

- The manual hydraulic pump will be replaced by an HiP T6000 air driven pump,
that delivers pressures up to 16,250 psi. The flow of the manual hydraulic pump will be
diverted to a separate network to apply a confining pressure around the sample.
Additional pressure relief valves will be added to increase the safety of the setup. The

modified setup will enable rock sample fracturing under pressure confinement.

- Future work will assess the effect of formation permeability on the variation in
flowback ratio to explain the opposing trends of flowback observed while using 3D
printed samples vs. cement samples. These experiments will help identify the value of
permeability beyond which the flowback decreases when shut-in pressure increases, as
opposed to the cases where permeability is very low leading to higher flowback
percentage (observed in the 3D printed samples).

- Estimating the effect of other contributors to fluid leak-off, such as clay content
and variable porosity and permeability values, requires using more than just cement
samples. Hence, shale rocks with high clay content will be tested. Furthermore, applying
a confining pressure around the sample will be implemented to simulate subsurface
conditions.

- More realistic fracture networks will be created, and the effect of fracture
roughness on flowback will be tested. Also, the experiments will be conducted using
actual hydraulic fracturing fluid instead of automatic transmission fluid and deionized

water.
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- The setup will be upgraded to apply an axial load on a fracture filled with
proppants before fluid injection and flowback phases. The axial load will represent the

fracture closure stress once production starts.
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CHAPTER 6

CONCLUSION

In this work, an experimental set-up was created to determine the values of
flowback following hydraulic fracturing operations. It was shown that increasing the
shut-in pressure has two opposing effects on the flowback percentage, depending on the
permeability of the rock being hydraulically fractured. Rocks with relatively high
permeability values experience more fluid leak-off into the matrix upon increasing the
shut-in pressure, which reduces the flowback percentage. However, if a formation has a
low permeability that reduces fluid leak off into the matrix, higher shut-in pressure will
lead to higher flowback percentages. Furthermore, increasing the shut-in interval,
enhanced fluid leak off into the matrix, and eventually reduced the flowback percentage.
Furthermore, it was observed that the rate of variation of flowback percentage decreases
with time.

Increasing the fracture network complexity increases the contact area between the
fracture network and the reservoir rock, which favors fluid leak-off, fluid adhesion to the
rock, and water adsorption into the surface of the clay minerals. All these factors have a
negative influence on the flowback percentage. Similarly, the permeability of the
surrounding layer (hosting formation) has a significant effect on flowback percentage,
assuming it is hydraulically connected to the fracture network. Higher permeability
formations cause larger fluid losses from the fracture network, significantly increasing

the injection volumes, which leads to lower flowback performance.

Decreasing fluid viscosity has a substantial effect on increasing flowback

percentage, due to the lower capillary resistance encountered by low-viscosity fluids in
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any porous medium. Finally, increasing particle sizes to enhance the conductivity of the
proppant pack has a positive impact on flowback performance.

The work done in this research was in the form of an integrated approach to study
the effect of several operation and formation parameters on fracturing fluid flowback.
Although the results cannot be used as a method to quantitatively determine the flowback
percentage, it can be used as a reference to qualitatively describe and enhance the

flowback performance of hydraulic fracturing operations.
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